
Outlook for Labor Productivity Growth

The AEO2004 reference case economic forecast is a

projection of possible economic growth, from the

short term to the longer term, in a consistent frame-

work that stresses demand factors in the short term

and supply factors in the long term [33]. Productivity

is perhaps the most important concept for the deter-

mination of employment, inflation, and supply of out-

put in the long term. Productivity is a measure of

economic efficiency that shows how effectively eco-

nomic inputs are converted into output.

Advances in productivity—that is, the ability to pro-

duce more with the same or less input—are a signifi-

cant source of increased potential national income.

The U.S. economy has been able to produce more

goods and services over time, not only by requiring a

proportional increase of labor time but also by mak-

ing production more efficient. To illustrate the impor-

tance of productivity improvements, on the eve of the

American Revolution, U.S. gross domestic product

(GDP) per capita stood at approximately $765 (in

1992 dollars) [34]. Incomes rose dramatically over the

next two centuries, propelled upward by the Indus-

trial Revolution, and by 2002 GDP per capita had

grown to $30,000 (1992 dollars). Productivity im-

provements played a major role in the increase in per

capita GDP growth.

Productivity is measured by comparing the amount of

goods and services produced with the inputs used in

production:

• Labor productivity—output per hour of all per-

sons—is the ratio of the output of goods and ser-

vices to the labor hours devoted to the production

of that output; it is the most commonly used pro-

ductivity measure. Labor is an easily identified in-

put to virtually every production process. For the

U.S. business sector, labor cost represents about

two-thirds of the value of output produced. In-

creases in labor productivity allow for comparable

gains in profits and/or compensation without

putting upward pressures on output prices. When

labor productivity grows, the economy is able to

produce more with the same number of workers.

• Multifactor productivity reflects output per unit of

some combined set of inputs. A change in

multifactor productivity reflects the change in

output that cannot be accounted for by the change

in combined inputs. As a result, multifactor pro-

ductivity measures reflect the joint effects of

many factors, including new technologies, econo-

mies of scale, managerial skill, and changes in the

organization of production.

The U.S. Department of Labor, Bureau of Labor Sta-

tistics (BLS), is responsible for developing official pro-

ductivity statistics for the United States. BLS

publishes four sets of productivity measures for major

sectors and subsectors of the U.S. economy:

• Quarterly and annual output per hour and unit la-

bor costs for the U.S. private business, private

nonfarm business, and manufacturing sectors.

These are the productivity statistics most often

cited by the national media.

• Annual measures for output per hour and unit la-

bor costs for 3-, 4-, 5-, and 6-digit North American

Industry Classification System (NAICS) indus-

tries in the United States, with complete coverage

in manufacturing and in retail trade, as well as

some coverage in other sectors.

• Multifactor productivity indexes for the private

business, private nonfarm business, and manufac-

turing sectors of the economy.

• Multifactor productivity indexes for 2- and 3-digit

Standard Industrial Classification (SIC) manufac-

turing industries, such as the railroad transporta-

tion industry, the air transportation industry, and

the utility and natural gas industry. These include

indexes for total manufacturing and for 20 2-digit

SIC manufacturing industries on an annual basis,

which compare real value-added output measures

to aggregate measures of input: labor, capital, en-

ergy, non-energy materials, and purchased busi-

ness services [35].

In the AEO2004 reference case, productivity growth

in the nonfarm business sector is projected to average

2.25 percent annually from 2002 to 2025. The low and

high macroeconomic growth cases project average

annual growth of 1.82 percent and 2.65 percent,

respectively. As discussed below, the range of produc-

tivity growth covered by the three cases is within the

range of historical experience as well as what is pro-

jected for the future by various experts in the produc-

tivity field. Figure 8 shows 5-year average annual

growth rates for the three cases.

Estimates of Historical Productivity Growth

and Their Determinants

Productivity Growth up to 1995

For the period 1917-1927, labor productivity growth

averaged 3.8 percent per year, the highest rate for any

comparable 10-year period for the U.S. economy [36].

That productivity boom coincided with the adoption

of the assembly line and the proliferation of the

automobile. Broadcast radio and the electric utility
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industry saw strong development in the 1920s, and

Lindbergh made his famous transatlantic flight,

which ushered in the age of aviation. Slow productiv-

ity growth in the 1927-1948 period accompanied the

Great Depression and World War II. After the war,

two factors combined to boost productivity growth:

first, output had dropped so far during the Great

Depression that simply returning to trend growth

required a period of faster economic growth; second,

the economy benefited from a wave of innovations,

including the building of the interstate highway sys-

tem, the discovery of transistors, and the emergence

of commercial aviation. Between 1948 and 1973,

annual labor productivity growth averaged 2.8

percent.

Productivity growth began to slump again in the early

1970s. Higher oil prices undoubtedly played a role in

slowing output during the 1970s, but when oil prices

returned to pre-1973 levels during the 1980s (in real

dollar terms), productivity continued to sag. Other

possible explanations include a slower rate of innova-

tions, slower growth of workers’ skills, and increased

government regulation.

Martin N. Baily has estimated the contributions to

nonfarm labor productivity (output per hour) coming

from increases in capital per hour worked and labor

quality over the period 1948-1995 [37]. The “unex-

plained residual,” also termed multifactor productiv-

ity (MFP), is defined as the difference between total

productivity growth and the contributions from these

two factors. Neither capital per hour nor labor quality

explains the slowdown in labor productivity in the

1973-1995 period, leaving the explanation or lack

thereof to the “unexplained residual” (Table 4). Inter-

estingly, although the contributions from capital per

hour did not differ by much between the pre-1973 and

post-1973 periods, the contributions from informa-

tion technology capital rose in the later period, while

the contributions from other capital fell.

Information Technology and the Productivity

Growth of the Late 1990s

Numerous studies have attempted to explain the

increase in labor productivity from the 1973-95

period to the post-1995 period. The conclusions of

Steven Oliner and Daniel Sichel, the 2001 Economic

Report of the President, and Dale Jorgenson, Mun Ho,

and Kevin Stiroh [38] were summarized by Baily

(Table 5). Although the three studies used slightly dif-

ferent data to support their analyses, there are funda-

mental similarities in their conclusions. As in Baily’s

analysis of the earlier time period, information tech-

nology was the largest single identifiable factor con-

tributing to labor productivity growth after 1945. The

boost to productivity from information technology

more than offset the drag on productivity from other

capital.

In each of the three studies, the majority of the accel-

eration in labor productivity growth in the post-1995

period was assigned to the residual (or MFP) effect:

0.8 percent to 0.9 percent of the estimated 1.2-percent

and 1.4-percent increases in labor productivity
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Figure 8. Labor productivity growth in the nonfarm

business sector (5-year average annual growth rate,

percent)

Component 1948-1973 1973-1995 Difference

Output per hour 2.9 1.4 -1.5

Contributions from

Capital per hour 0.8 0.7 -0.1

Information technology 0.1 0.4 0.3

Other 0.7 0.3 -0.4

Labor quality 0.2 0.2 0.0

Residual (MFP) 1.9 0.4 -1.5

R&D 0.2 0.2 0.0

Table 4. Labor productivity growth in the nonfarm

business sector, 1948-1973 and 1973-1995 (average

annual percent growth)

Component

Oliner
and

Sichel

2001
Economic

Report
of the

President

Jorgenson,
Ho, and
Stiroh

Output per hour 1.2 1.4 0.9

Contributions from

Capital per hour 0.3 0.4 0.5

Information technology 0.6 0.6 0.4

Other -0.3 -0.2 0.1

Labor quality 0.0 0.0 -0.1

Residual (MFP) 0.8 0.9 0.5

Computer sector 0.2 0.2 0.3

Other 0.3 0.7 0.2

Table 5. Estimated changes in labor productivity

growth between 1995-2000 and 1973-1995 (percent)



(nonfarm business sector) in the first two studies and

0.5 percent of the estimated 0.9-percent increase in

labor productivity (business sector) in the third anal-

ysis. In the studies by Oliner and Sichel and

Jorgenson, Ho, and Stiroh, more than one-half of the

MFP effect was attributed to the computer sector.

The 2001 Economic Report of the President suggested,

however, that most of the increase came from outside

the computer sector.

Meyer, Baily, and others see the bunching of

productivity-enhancing innovations working in com-

bination with a favorable U.S. economic environment

to boost productivity. In Baily’s words, “rapid

advances in computing power, software and commu-

nications capabilities formed a set of powerful

complementary innovations.” An increasingly dereg-

ulated U.S. economy created a highly competitive

environment that drove out inefficiencies, displaced

low-productivity firms with high-productivity ones,

and forced the adoption of new innovations in order to

survive. While the new innovations were available

globally, the highly competitive environment may

explain why U.S. productivity rates benefited more

from them than did other world economies. And

finally, globalization expanded markets and

increased international competition, further raising

the productivity of U.S. firms.

More recently, Stiroh has found that the recent pro-

ductivity revival is broad-based, with nearly two-

thirds of the 61 industries in his analysis showing

accelerating productivity gains [39]. Furthermore,

Stiroh found that productivity growth was higher in

industries that either produced information technolo-

gies or used them intensively. Thus, Stiroh’s industry

analysis supports the conclusion that information

technology capital was a significant contributor to the

post-1995 productivity surge.

Future Outlook for Productivity Growth

The issue of productivity growth is very important for

the future economic growth of any nation. For the

United States this issue has given rise, understand-

ably, to a significant amount of empirical literature

that has investigated the determinants of productiv-

ity growth in the past and the future. The AEO2004

projections for productivity growth lie within the

range of historical experience and of the future expec-

tations published by experts, as described below.

Most researchers who have studied the issue and

prognosticated about the future outlook have an

expectation that annual labor productivity growth

will be above 2 percent for the next decade or so.

Table 6 shows estimates from recent studies of

projected growth in labor productivity. The list repre-

sents most of the well-known researchers in the pro-

ductivity field. All the point estimates of future

annual labor productivity growth shown in Table 6

are 2.0 percent or higher, and the estimated ranges

fall between a low of 1.3 percent and a high of 3.0

percent.

The key question in developing the AEO2004 refer-

ence case forecast was whether the recent surge in

productivity growth would continue. The majority

view of the productivity experts cited here is that

strong growth in labor productivity will continue for

several more years. For example, the U.C. Berkeley

economist J. Bradford DeLong writes: “Will this new,

higher level of productivity growth persist? The

answer appears likely to be ‘yes.’ The most standard

of simple applicable growth models . . . predicts that

the social return to information technology invest-

ment would have to suddenly and discontinuously

drop to zero for the upward jump in productivity

growth to reverse itself in the near future. More

sophisticated models that focus in more detail on the

determinants of investment spending or on the

sources of increased total factor productivity appear

to strengthen, not weaken, forecasts of productivity

growth over the next decade” [40].

Naysayers about the productivity revival include Ste-

ven Roach and Robert Gordon. Roach believes that

much of the post-1995 productivity revival is a statis-

tical illusion resulting from the lack of a satisfactory

measure of productivity in the white collar services

sector. Gordon argues that the role of information

technology has been overstated, and that other fac-

tors influencing productivity growth—such as the

international and domestic economic environment

and fiscal and monetary policies—led to the strong
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Source
Point

estimate Range

Oliner and Sichel (2002) — 2.0 to 2.8

Jorgenson, Ho, and Stiroh (2002) 2.25 1.3 to 3.0

Congressional Budget Office (2002) 2.2 —

2001 Economic Report of the
President (2002) 2.1 —

Baily (2002) — 2.0 to 2.5

Gordon (2002) — 2.0 to 2.2

Kiley (2001) — 2.6 to 3.2

Martin (2001) 2.75 2.5 to 3.0

McKinsey (2001) 2.0 1.6 to 2.5

Roberts (2001, updated) 2.6 —

DeLong (2002) “like the fast-growing late 1990s”

Table 6. Estimates of future steady-state growth in

U.S. labor productivity (percent per year)



trend in recent years. Regardless of his views about

the role of technology in productivity growth,

Gordon’s expectation is that productivity will soon

return to its trend growth rate of 2.25 percent [41].

Lower 48 Natural Gas Supply

Production from domestic natural gas resources is

projected to increase as demand grows. Much of the

increase is expected to be met from unconventional

resources, changing the overall mix of domestic natu-

ral gas supply. Of the 18.6 trillion cubic feet of lower

48 natural gas production in 2002, 42 percent was

from conventional onshore resources, 32 percent was

from unconventional resources, and 26 percent was

from offshore resources. By 2025, 43 percent of total

lower 48 natural gas production (21.3 trillion cubic

feet) is projected to be met by unconventional

resources (Figure 9).

The volume of estimated technically recoverable

resources is sufficient to support increased reliance

on unconventional natural gas sources. Lower 48

remaining technically recoverable resources are iden-

tified in five categories (Figure 10):

• Conventional undiscovered nonassociated re-

sources are unproved resources of natural gas, not

in contact with significant quantities of crude oil

in a reservoir, that are estimated to exist in fields

that have yet to be discovered, based on geologic

formations and their propensity to hold economi-

cally recoverable natural gas. The estimate of

lower 48 technically recoverable undiscovered

conventional nonassociated natural gas resources

as of January 1, 2002, is 222 trillion cubic feet.

• Conventional inferred reserves are gas deposits in

known reservoirs that are considered likely to ex-

ist on the basis of a field’s geology and past pro-

duction but have not yet been developed. The bulk

of the estimated 232 trillion cubic feet of lower 48

inferred reserves is in onshore reservoirs.

• Unconventional resources (tight gas, shale gas,

and coalbed methane), estimated at 475 trillion

cubic feet, make up the largest category of un-

proved resources.

• Associated-dissolved resources, the remaining un-

proved lower 48 natural gas resource, occur in

crude oil reservoirs as free gas (associated) or as

gas in solution with crude oil (dissolved). They are

estimated at a total of 136 trillion cubic feet.

• Proved natural gas reserves are located in known

and developed reservoirs with demonstrated pro-

duction potential. As of January 1, 2002, lower 48

proved natural gas reserves were estimated to be

175 trillion cubic feet.

Just a few years ago, it was believed that natural gas

supplies would increase relatively easily in response

to an increase in wellhead prices because of the large

domestic natural gas resource base. This perception

has changed over the past few years. While average

natural gas wellhead prices since 2000 have generally

been higher than during the 1990s and have led to sig-

nificant increases in drilling, the higher prices have

not resulted in a significant increase in production.

With increasing rates of production decline, produc-

ers are drilling more and more wells just to maintain

current levels of production. A significant increase in

conventional natural gas production is no longer

expected. Drilling deeper wells in conventional reser-

voirs is expected to slow the overall decline in conven-

tional onshore nonassociated gas production, and

drilling in deeper waters is expected to offset the

decline in shallow offshore production. Increasing
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production from unconventional gas plays is drilling

and/or technology intensive and is likely to lead to

higher wellhead prices.

Conventional Sources

The share of natural gas production from conven-

tional resources is expected to decline over the projec-

tion period, from 68 percent in 2002 to 57 percent in

2025. Most of the projected decline is in onshore con-

ventional nonassociated natural gas production,

where the majority of exploration and development

has occurred historically. Lower 48 offshore natural

gas production is expected to remain relatively flat

throughout the projection period, as production from

fields in the deep waters of the Gulf of Mexico offset

the decline in the production in shallow waters.

Onshore

With fewer and smaller new onshore conventional

reserve discoveries, emphasis is expected to focus on

increasing the expected recovery of currently known

fields. Reserve additions from onshore conventional

natural gas wells, both exploratory and developmen-

tal, are projected to add less than 1 billion cubic feet

per well to total reserves in 2025 (Figure 11). The

development of deep reservoirs (more than 10,000

feet) in both known fields and new discoveries is pro-

jected to play an important role in slowing the decline

in the average finding rate for conventional onshore

wells. However, drilling to deeper depths increases

the average cost of drilling and places upward pres-

sure on prices.

Because larger fields with higher levels of production

generally are found first, developed, and replaced

with smaller fields, production will tend to decline

over time if drilling levels are roughly constant;

however, changes in prices influence drilling. Con-

ventional natural gas drilling is expected to increase

throughout the projection period, from 6,440 wells in

2002 to 9,140 wells in 2010 and 11,930 wells in 2025

(Figure 12). Less than 10 percent of future natural

gas drilling is expected to be exploratory, reflecting

the relative maturity of the lower 48 conventional

onshore resources. The projected increase in natural

gas drilling enables producers essentially to maintain

conventional onshore nonassociated production at

the current level of approximately 6 trillion cubic feet.

Offshore

Offshore production, primarily in the Gulf of Mexico,

is expected to remain a key source of domestic natural

gas supply through 2025. Although natural gas pro-

duction in the shallow waters of the Gulf of Mexico

has been declining since 1997, recent developments in

deep gas (more than 15,000 feet) in the shallow

waters and deepwater (water depth more than 200

meters, or 656 feet) have shown some promise. To off-

set some of the high costs associated with drilling

deep gas wells and deepwater wells, the U.S. Minerals

Management Service has offered incentives in the

form of royalty relief on qualifying new leases and has

proposed additional royalty relief on some existing

leases (see “Legislation and Regulations”).

Because the deep waters of the Gulf of Mexico contain

primarily oil resources, much of the increase in

deepwater gas production is expected to come from

associated-dissolved gas. Table 7 shows some of the

principal deepwater fields that have recently started

production or are expected to start production before

2007. Many of the small fields are being developed

as subsea tie-backs to existing infrastructure as a way

of making them economically viable. In addition

to these deepwater fields, two significant deep gas
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discoveries—JB Mountain and Mound Pond in

shallow waters off the coast of Louisiana—were

announced in 2003.

Given the discrete nature of offshore field develop-

ment, projected offshore natural gas production is

expected to be uneven over time. Lower 48 offshore

natural gas production is projected to peak in 2010 at

5.4 trillion cubic feet, 11.3 percent higher than in

2002. Associated-dissolved gas, which is primarily in

the deep waters of the Gulf of Mexico, is projected to

increase by more than 50 percent, from 1.1 trillion

cubic feet in 2002 to 1.6 trillion cubic feet in 2010.

Projected production of nonasssociated gas in 2010 is

about the same as in 2002 at 3.8 trillion cubic feet. In

the Gulf of Mexico, shallow gas production is pro-

jected to decline at an average annual rate of 0.4 per-

cent, while deepwater gas production is projected to

increase at an average annual rate of 4.1 percent

between 2002 and 2010 (Figure 13). After 2010, lower

48 offshore natural gas production drops to a low of

4.8 trillion cubic feet, then increases to approximately

5 trillion cubic feet in 2025.

Unconventional Gas

Natural gas extracted from coalbeds (coalbed meth-

ane) and from low permeability sandstone and shale

formations (tight sands and gas shales) is commonly

referred to as unconventional gas. Most of these

resources must be subjected to a significant degree of

stimulation (e.g., hydraulic fracturing) or other

“unconventional” production techniques to attain

sufficiently economic levels of production. Unconven-

tional gas has become an increasingly important com-

ponent of total lower 48 production over the past

decade (Figure 14). From 17 percent (3.0 trillion cubic

feet) of total production in 1990, the unconventional

gas share increased to 32 percent (5.9 trillion cubic

feet) in 2002.

Exploration of these abundant (Figure 15) but gener-

ally higher cost resources received a boost in the late

1980s and early 1990s with the successful implemen-

tation of tax incentives designed to encourage their

development. Since then, technologies developed and

advanced in pursuit of these resources have contrib-

uted to continued growth in production in the

absence of the tax incentives. Indeed, increasing pro-

duction from unconventional gas resources has actu-

ally offset a decline in conventional gas production in

recent years. By 2025, unconventional gas production

is projected to account for 43 percent (9.2 trillion

cubic feet) of total lower 48 natural gas production.

Undeveloped Resources

References to undeveloped unconventional resources

in AEO2004 refer to what the United States Geologi-

cal Survey (USGS) classified as “Continuous-Type

(Unconventional) Accumulations” in its 1995 Assess-

ment [42]. The resource estimates in that assessment
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Field name Operator Type
Water depth

(feet) Start Year
Expected peak natural gas production

(million cubic feet per day)

Aconcagua TotalFinaElf Gas 7,000 2002 80

Aspen BP Oil/Gas 3,063 2002 30

Boomvang Kerr-McGee Oil/Gas 3,548 2002 200

Camden Hills TotalFinaElf Gas 7,210 2002 175

Horn Mountain BP Oil/Gas 5,400 2002 68

King Kong Mariner Oil/Gas 3,799 2002 150

Nansen Kerr-McGee Oil/Gas 3,677 2002 200

Falcon Pioneer Gas 3,419 2003 175

Matterhorn TotalFinaElf Oil/Gas 3,850 2003 55

Medusa Murphy Oil/Gas 2,131 2003 110

Morgus Shell Oil/Gas 3,957 2003 55

Nakika Fields Shell, BP Oil/Gas 5,700-7,500 2003-2004 325

Front Runner Pioneer Oil/Gas 3,329 2004 110

Harrier Pioneer Gas 3,400 2004 100

Marco Polo Anadarko Oil/Gas 4,286 2004 100

Gunnison Kerr-McGee Oil/Gas 3,132 2004 200

Mad Dog BP Oil/Gas 4,951 2004 40

Red Hawk Kerr-McGee Gas 5,334 2004 150

Llano Shell Oil/Gas 2,700 2005 74

Magnolia ConocoPhilips Oil/Gas 4,673 2005 150

Entrada BP Oil/Gas 4,642 2006 110

Great White Shell Oil/Gas 8,000 2006 125

Thunder Horse BP Oil/Gas 6,089 2006 55

Table 7. Principal deepwater fields in production or expected to start production by 2007



represent the volume of unproved resources that

remain to be added to proved reserves utilizing the

technology and development practices existing at the

time of the assessment (January 1994). Continu-

ous-type resources are defined to include those

“resources that exist as geographically extensive

accumulations that generally lack well-defined

oil/water or gas/water contacts” [43]. This category

encompasses “coalbed gas, gas in many of the so-

called ‘tight sandstone’ reservoirs, and auto-sourced

oil- and gas-shale reservoirs” [44].

Undeveloped resources of unconventional gas are

predominantly located in three regions. The bulk of

tight sands and coalbed methane (71 percent and 78

percent, respectively) are in the Rocky Mountain

region. Sixty-eight percent of undeveloped gas shale

resources are in the Northeast region, with most of

the remainder in the Southwest region. There are

small-to-moderate quantities of tight sands and lesser

amounts of gas shales and coalbed methane in the

other regions.

For AEO2004, undeveloped unconventional resourc-

es are adjusted to reflect changes indicated by

Advanced Resources International (ARI), an inde-

pendent consultant specializing in unconventional

gas. Some plays have been updated to reflect new

data, other plays previously lacking data have

been assessed as data became available, and new

unconventional plays have been identified when

appropriate.

Two examples illustrating the importance of updat-

ing are the shale gas (Barnett Shale) in the Fort

Worth Basin and coalbed methane in the Powder

River Basin. In the 1995 USGS assessment, the

Barnett Shale was not assessed due to lack of suffi-

cient data. During the past few years, however, shale

gas production from the Fort Worth Basin has been

growing at a rapid pace. By obtaining from ARI an

interim assessment of the shale gas potential in the

basin, EIA was able to project this significant compo-

nent of current natural gas supply more accurately.

The Powder River Basin was assessed by the USGS in

1995, but the abundant coalbed methane resources

were substantially underestimated on the basis of

then-available data. Although the USGS has signifi-

cantly increased its assessment of coalbed methane

since 1995, interim consultation with ARI allowed

EIA to make this important adjustment years earlier.

Several other basins in the Rocky Mountains [45]

have recently been reassessed by the USGS, but there

was insufficient time to reconcile those estimates

with the EIA values for comparable areas.

Proved Reserves

Proved reserves of unconventional gas are highest in

the Rocky Mountain region for coalbed methane and

tight sands and highest in the Northeast for gas

shales (Figure 16). Approximately 83 percent (14.6
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trillion cubic feet) of coalbed methane and 52 percent

(26.8 trillion cubic feet) of tight sands proved reserves

are located in the Rocky Mountain region. Sev-

enty-six percent (5.4 trillion cubic feet) of gas shales

proved reserves are located in the Northeast region,

but substantial amounts also exist in the Southwest

(1.7 trillion cubic feet). Significant quantities of tight

sands proved reserves are located in all the other

regions, except for the West Coast. Coalbed methane

proved reserves are limited largely to the Northeast

(1.5 trillion cubic feet) and the Gulf Coast (1.2 trillion

cubic feet), with a small amount (0.3 trillion cubic

feet) in the Midcontinent. No significant volume of

unconventional gas proved reserves exists in the West

Coast region.

Production

Tight Sands. The two regions that are currently the

largest producers of gas from tight sands are the

Rocky Mountain region and the Gulf Coast region,

which account for 39 percent and 37 percent, respec-

tively, of total U.S. tight sands gas production (Table

8). The Rocky Mountain region is projected to experi-

ence the most growth in gas production from tight

sandstone formations, with 66 percent of total U.S.

tight sands gas production expected to originate from

this region in 2025. Within the region, tight sands

production is projected to increase at the fastest rate

(approximately 8 percent per year) in the Wind River

basin, with development accelerating in the later

years of the forecast. Production from tight sands in

the Uinta basin is also expected to grow at a robust

rate (about 5 percent per year).

In terms of quantity, the largest contribution from

the region will be the Greater Green River basin.

AEO2004 projects the share of total U.S. tight sands

gas production sourced from the Green River basin to

increase from 15 percent in 2002 to 36 percent by

2025. In the other Rocky Mountain basins, tight

sands gas production is projected to rise moderately,

except for the Piceance, where production is projected

to decline by about 4 percent per year between 2002

and 2025.

Tight sands production from the Gulf Coast region is

projected to increase into the middle of the forecast

period until primary tight sands plays in the two

major basins reach maturity and production begins

dropping back toward current levels. Production

from tight sandstone formations in other U.S. regions

is projected to decline (Midcontinent and Southwest

regions) or remain relatively stable (Northeast

region).

Coalbed Methane. AEO2004 projects coalbed meth-

ane production to remain concentrated largely in the

Rocky Mountain region, but the region’s share is pro-

jected to drop modestly from 88 percent in 2002 to 81

percent by 2025 (Table 9). Within the Rocky Moun-

tain region, growth in coalbed methane production

from the prolific Powder River basin and in the Uinta

and Raton basins is expected to be offset somewhat by
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Figure 16. Unconventional gas beginning-of-year

proved reserves and production by region, 2002

(trillion cubic feet)

Region/basin

Production

2002 2005 2010 2015 2020 2025

Northeast Region

Appalachian 232 202 214 243 246 212

Gulf Coast Region

LA/MS Salt/
Cotton Valley 555 724 991 1,213 1,138 959

Texas Gulf 894 731 811 776 670 589

Total 1,449 1,455 1,802 1,989 1,807 1,548

Midcontinent Region

Arkoma 149 98 88 92 91 90

Anadarko 259 172 136 99 61 47

Total 408 271 224 190 152 138

Southwest Region

Permian 285 216 169 163 159 146

Rocky Mountain

Uinta 91 175 212 255 240 262

Wind River 95 120 194 304 410 588

Denver 109 143 172 201 211 188

Greater Green River 569 657 1,005 1,455 1,792 2,148

Piceance 100 97 78 73 54 37

San Juan 498 607 655 725 758 714

Northern Great Plains 40 33 44 53 61 61

Total 1,502 1,833 2,361 3,066 3,526 3,998

Total 3,877 3,976 4,770 5,651 5,891 6,041

Table 8. Tight sands gas production by region and

basin, 2002-2025 (billion cubic feet)



production declines in the relatively mature San Juan

basin. Overall growth in the region averages about 1

percent per year.

Elsewhere, significant growth in coalbed methane

production is projected for the Northeast region,

where the share of total U.S. coalbed methane pro-

duction increases from 4 percent in 2002 to 8 percent

by 2025. Coalbed methane production in the Gulf

Coast region is expected to be fairly stable, with

declines in the later years of the forecast in the Black

Warrior basin offset by increasing production from

the Cahaba basin. Although starting from a relatively

low level (10 billion cubic feet), coalbed methane pro-

duction in the Midcontinent region is projected to

grow more rapidly than in any other region.

Gas Shales. Natural gas production from tight shale

formations occurs predominantly in the Northeast

region and the Southwest region (Table 10). Total

production from gas shales in the Northeast region is

projected to increase at a relatively moderate pace, as

production from the Antrim basin remains relatively

stable and production in the Appalachian basin grows

at about 4 percent per year. In the Southwest region,

continued development of gas shales in the Fort

Worth-Barnett basin is projected to increase that

region’s share of total U.S. shale gas production from

39 percent in 2002 to 46 percent by 2025.

Access Restrictions

A current natural gas development issue concerns the

ability of producers to access natural gas resources on

Federal lands. Most of the unconventional gas

resources are in the Rocky Mountains, where they are

subject to a variety of access restrictions. In 2002, the

Federal Government, under authority of the Energy

Policy and Conservation Act (EPCA), conducted an

interagency assessment of access restrictions for five

major basins in the Rocky Mountains [46]. The access

assumptions for the Rocky Mountains in AEO2004

reflect the results of the EPCA assessment.

In AEO2004, 7 percent of the undeveloped unconven-

tional gas resources are officially off limits to either

drilling or surface occupancy (Table 11). Included in

the off-limits category are areas where drilling is pre-

cluded by statute (e.g., national parks and wilderness

areas) and by administrative decree (e.g., “Wilderness

Re-inventoried Areas” and “Roadless Areas”). Also

included are those areas of a lease where surface occu-

pancy is prohibited to protect stipulated resources,

such as the habitats of endangered species of plants

and animals. An additional 26 percent of the

resources are judged currently to be developmentally

constrained because of the prohibitive effect of com-

pliance with environmental and pipeline regulations

created to effect such laws as the National Historic

Preservation Act, the National Environmental Policy

Act, the Endangered Species Act, the Air Quality Act,

and the Clean Water Act.

Approximately 15 percent of the resources are acces-

sible but located in areas where lease stipulations,
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Region/basin

Production

2002 2005 2010 2015 2020 2025

Northeast Region

Appalachian 62 97 134 159 165 147

Illinois 0 0 0 3 8 11

Total 62 97 134 161 173 158

Gulf Coast Region

Black Warrior 110 111 115 122 97 79

Cahaba 0 3 10 15 29 30

Total 110 113 125 137 126 109

Midcontinent Region 10 21 33 64 107 114

Rocky Mountain

San Juan 848 828 784 783 685 588

Powder River 325 357 407 531 586 617

Uinta 92 89 92 169 230 255

Raton 54 77 136 151 144 132

Other 1 3 1 0 6 20

Total 1,320 1,354 1,420 1,634 1,650 1,611

Total 1,502 1,586 1,712 1,997 2,056 1,992

Table 9. Coalbed methane production by region and

basin, 2002-2025 (billion cubic feet)

Region/basin

Production

2002 2005 2010 2015 2020 2025

Northeast Region

Appalachian 173 221 249 360 429 411

Antrim 190 175 173 229 230 201

Illinois New Albany 3 1 1 0 0 0

Total 367 397 423 590 659 612

Southwest Region

Fort Worth-Barnett 233 222 374 434 500 520

Total 600 619 797 1,024 1,159 1,132

Table 10. Shale gas production by region and basin,

2002-2025 (billion cubic feet)

Access status
Unconventional

resources

Officially inaccessible 23.44

Inaccessible due to development constraints 83.71

Accessible with lease stipulations 47.51

Accessible under standard lease terms 172.92

Total 327.58

Table 11. Access status of undeveloped

unconventional natural gas resources in the

Rocky Mountain region, January 1, 2002

(trillion cubic feet)



which affect accessibility, are set by a Federal land

management agency (either the U.S. Bureau of Land

Management or the U.S. Forest Service). The remain-

ing 53 percent of undeveloped Rocky Mountain

unconventional gas resources are located either on

Federal land without lease stipulations or on private

land, and are accessible subject to standard lease

terms.

The treatment of access restrictions in the AEO2004

varies by restriction category. Resources located on

land that is officially inaccessible are removed from

the operative resource base. Resources located in

areas that are developmentally constrained because

of environmental and pipeline regulations are ini-

tially removed from the resource base, then made

available gradually over the forecast period to reflect

the tendency of technological progress to enhance the

ability of producers to overcome difficulties in com-

plying with the restrictions. Resources that are acces-

sible but located in areas that are subject to

lease-stipulated access limitations are accounted for

by making two adjustments: exploration and develop-

ment costs are increased to reflect the increased costs

that access restrictions generally add to a project; and

time is added to the schedule to complete a project to

simulate the delay usually incurred as a result of

efforts to comply with access restrictions.

Reassessment of Liquefied Natural Gas
Supply Potential

Interest in liquefied natural gas (LNG) as a source for

fuel supply in the United States has been rekindled

and strengthened as a result of sustained high natu-

ral gas prices, declining costs throughout the LNG

supply chain (production, liquefaction, transporta-

tion, and regasification), and recent regulatory

changes (see “Legislation and Regulations”). During

the winter of 2000-2001—a colder winter than nor-

mal—natural gas prices on the domestic spot market

climbed above $10.00 per thousand cubic feet, and the

average wellhead price increased to $6.82 per thou-

sand cubic feet in January 2001. At that time, plans

were announced for the reopening of mothballed

LNG terminals in Maryland (Cove Point) and Georgia

(Elba Island), and plans for the construction of addi-

tional new facilities were being discussed.

By July 2001, wellhead natural gas prices had

dropped below $3.50 per thousand cubic feet, where

they remained for most of 2002. Interest persisted in

LNG, which generally was thought to be economical

in the price range of $3.50 to $4.00 per thousand cubic

feet, but momentum slowed as investors waited

cautiously to see whether prices would remain below

$3.50. In late 2002, average wellhead prices again

began to rise, to $3.59 per thousand cubic feet in

November and $3.84 in December. They have

remained well above $4.00 per thousand cubic feet

since then. Average wellhead prices for the first half

of 2003 ranged from a low of $4.47 per thousand cubic

feet in January to a high of $6.69 in March, contribut-

ing to the belief that there has been a fundamental

upward shift in natural gas prices.

LNG imports are expected to constitute an increasing

proportion of U.S. natural gas supply (Figure 17).

Total net imports are projected to supply 21 percent

of total U.S. natural gas consumption in 2010 (5.5 tril-

lion cubic feet) and 23 percent in 2025 (7.2 trillion

cubic feet), compared with recent historical levels of

around 15 percent. Nearly all of the increase in net

imports, from 3.5 trillion cubic feet in 2002, is

expected to consist of LNG.

LNG imports already have doubled from 2002 to

2003, based on preliminary estimates that show LNG

gross imports at 540 billion cubic feet in 2003, com-

pared with 228 billion cubic feet in 2002. Strong

growth in LNG is expected to continue throughout

the forecast period, with LNG’s share of net imports

growing from less than 5 percent in 2002 to 39 per-

cent (2.2 trillion cubic feet) in 2010 and 66 percent

(4.8 trillion cubic feet) in 2025.

In the AEO2004 forecast, four new LNG terminals

are expected to open on the Atlantic and Gulf Coasts

between 2007 and 2010. The first new LNG terminal

in more than 20 years is projected to open on the Gulf

Coast in 2007. Although the actual sizes of the new

plants will vary, for projection purposes a generic size

of 1 billion cubic feet per day is used in AEO2004 for
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new facilities on the Gulf Coast and 250 to 500 million

cubic feet per day elsewhere. One facility, expected to

serve Florida, is planned for construction in the

Bahama Islands, with the gas to be transported

through an underwater pipeline to Florida.

Existing U.S. LNG plants are expected to be at, or

close to, full capacity by 2007, importing 1.4 trillion

cubic feet annually, and new plants are projected to

import a total of 812 billion cubic feet in 2010. In addi-

tion, a new terminal in Baja California, Mexico, is

expected to start moving gas into Southern California

in 2007, with volumes reaching 180 billion cubic feet

by 2008. Additional capacity in Baja California is

expected to be added in 2012, increasing annual deliv-

eries into Southern California to 370 billion cubic feet

per year from 2014 through 2025. Other new termi-

nals are expected to be constructed in the Mid-

Atlantic and New England regions by 2016, and sig-

nificant additional capacity is expected along the Gulf

Coast by 2025, including expansions of existing termi-

nals and construction of new ones. Imports into new

Gulf Coast terminals are projected to total nearly 2.5

trillion cubic feet in 2025.

It is considerably more expensive to build LNG

regasification plants at new U.S. sites than to expand

capacity at existing sites. In addition, LNG delivered

to new sites can be expected to have higher produc-

tion and shipping costs if it is obtained from new,

potentially more distant and expensive supply

sources. Delays and regulatory costs are also expected

to add to the price of gas for new facilities. As a result,

“trigger prices” for the construction of new LNG

plants are estimated currently at $3.62 to $4.58 per

million Btu, compared with less than $2.87 to $3.15

per million Btu for expansion at existing plants.

With changing market conditions, most forecasters

now expect LNG to become an increasingly important

source of incremental natural gas supply for the

United States. As of August 2002, there were 16

active proposals to construct new LNG regasification

terminals in North America to serve U.S. markets (or

partially serve, as in the case of three proposed termi-

nals in Baja California, Mexico), with total annual

capacity slightly over 5 trillion cubic feet.

As of December 1, 2003, there were 32 active propos-

als for new terminals (Table 12): 21 in the United

States, 4 in Baja California, Mexico (to serve both

Mexico and U.S. markets), 2 in Mexico, 3 in the Baha-

mas (to serve U.S. markets), and 2 in Canada (to serve

Canada and possibly also U.S. markets). The increase

in proposed capacity between August 2002 and Octo-

ber 2003 includes both additional terminals and

increases in capacity for many of those previously

proposed. Proposed projects active during the sum-

mer of 2002 were primarily for terminals with a

capacity of 1 billion cubic feet per day or less, whereas

9 of the current proposals are for terminals with a

capacity of 1 to 2 billion cubic feet per day. If all the

U.S. LNG facilities currently being proposed were

completed, they would add more than 15 trillion cubic

feet to annual U.S. import capacity. In addition, two

proposed terminals in Mexico to serve Southern Mex-

ican markets would have the indirect affect of reduc-

ing U.S. natural gas exports to Mexico.

Three proposals to construct terminals in the onshore

Gulf of Mexico have been filed with the U.S. Federal

Energy Regulatory Commission, and one, Cameron

LNG (formerly Hackberry), has received preliminary

approval (see “Legislation and Regulations”). Two

more proposals for the offshore Gulf of Mexico have

been filed with the U.S. Coast Guard. Despite this

strong activity, proposals for new capacity involve sig-

nificant risk and uncertainty, and not all are expected

to move forward.

The delivery of new LNG supplies to a new U.S.

regasification facility requires the financing, permit-

ting, and construction of at least four expensive infra-

structure components: gas production and processing

facilities in a source country; an LNG liquefaction

plant and export terminal; LNG transport tankers;

and the LNG regasification and import terminal in

the destination country. Additional pipeline capac-

ity—either to the liquefaction plant or away from the

regasification facility—might also be needed. If any

aspect of the infrastructure chain is delayed by per-

mitting, financing, or construction problems, the

potential profitability of the endeavor could be signifi-

cantly diminished.

Delays in the eventual commissioning of a new LNG

supply chain ending in the United States could occur

for a number of reasons:

• Changing circumstances in the U.S. natural gas

market

• Changing political conditions or government poli-

cies, either in the United States or abroad

• Labor strikes or other local opposition (for exam-

ple, Bolivia recently decided to end its LNG export

program because of political unrest)

• Delays in financing (for example, Peru’s Camisea

LNG project has been delayed by problems in ar-

ranging financing with the Andean Development

Corporation)

• International competition for LNG supplies.
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Global developments are also contributing to the

domestic emphasis on LNG, as new liquefaction facil-

ities proliferate around the world and potential sup-

ply sources expand. Until 1995, almost all U.S. LNG

imports were from Algeria. More recently, shipments

have also been received from Nigeria, the United

Arab Emirates, Oman, Qatar, Malaysia, Australia,

and Trinidad and Tobago. Additional sources of sup-

ply exist throughout the world where liquefaction

facilities are either being developed or are in the plan-

ning stages.

Current worldwide liquefaction capacity and LNG

consumption are roughly equivalent at slightly over

6 trillion cubic feet per year, indicating that supply

constraints are contributing to the current under-

utilization of U.S. regasification capacity. The equiva-

lency of capacity and consumption is changing,

however, with an additional annual capacity of 2

trillion cubic feet under construction and scheduled

to come on line by 2006 and an additional 8.5 trillion

cubic feet of capacity planned to come on line by 2011.

Trinidad and Tobago, with current annual capacity of

approximately 300 billion cubic feet, has now sur-

passed Algeria as the primary source of supply for

U.S. markets. With an additional 157 billion cubic

feet scheduled to come on line by 2006 and 570 billion

cubic feet under consideration for development by

2011, Trinidad and Tobago (located in relative prox-

imity to the U.S.) is an important player in the future

growth of the U.S. LNG market.

As the global market evolves, LNG is becoming an

increasingly important energy source for many coun-

tries. A number of European and Asian nations

already rely heavily on LNG. Japan, in particular,

depends on LNG to meet its power generation needs.

As the world market for LNG continues to expand,
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Project Owners Location
Start
year

Capacity
added

West Coast

Terminal GNL Mar Adentro de B.C. ChevronTexaco Baja California, Mexico (offshore) 2007 750

Tijuana Regional Energy Center Marathon/Golar LNG/Grupo GGS Baja California, Mexico 2006 750

Sound Energy Solutions Mitsubishi Long Beach, California 2007 700

Terminal LNG de Baja California Shell Baja California, Mexico 2007 1,000

Energia Costa Azul LNG Sempra Energy Baja California, Mexico 2007 1,000

Crystal Crystal Energy Oxnard, California (offshore) 2006 600

Tractebel Mexico Tractebel Lazaro Cardenas, Mexico 2007 500

Cabrillo Port LNG BHP Billiton Oxnard, California (offshore) 2008 1,500

Florida/Bahamas

Ocean Express LNG AES Ocean Cay, Bahamas 2006 850

Freeport El Paso Freeport Grand Island, Bahamas 2007 500

Calypso Tractebel Bahamas LNG Freeport Grand Cayman, Bahamas 2007 832

Gulf Coast

ExxonMobil LNG ExxonMobil Quintana Island, Texas 2007 1,000

Sabine Pass/Cheniere Cheniere Sabine Pass, Texas 2008 2,000

Port Pelican ChevronTexaco Louisiana (offshore) 2007 1,600

Cameron LNG Sempra Energy Hackberry, Louisiana 2007 1,500

Altamira Shell Altamira, Mexico 2004 500

Corpus Christi LNG Cheniere Energy Corpus Christi, Texas 2008 2,000

ExxonMobil/Sabine Pass LNG ExxonMobil Sabine Pass, Texas 2008 1,000

Liberty HNG Storage/Conversion Gas Cameron, Louisiana 2007 3,000

Main Pass Energy Hub Freeport-McMoRan Sulphur Gulf of Mexico (offshore) 2006 1,500

Gulf Landing Shell West Cameron, Louisiana (offshore) 2008-2009 1,000

Vermilion 179 Conversion Gas Imports Louisiana 2008 1,000

Mobile Bay LNG ExxonMobil Mobile Bay, Alabama 2008 1,000

Freeport LNG Freeport, Cheniere, Contango Freeport, Texas 2006 1,500

Energy Bridge El Paso Floating Dock (offshore) 2005 500

East Coast

Canaport Irving Oil/Chevron Texaco Canaport, New Brunswick, Canada 2006 500

Weaver's Cove Poten Fall River, Massachusetts 2007 400

Access Northeast Energy Access Northeast Energy Bearhead, Nova Scotia, Canada 2008 500

Fairwinds LNG TransCanada, ConocoPhillips Harpswell, Maine 2009 500

Providence LNG Keyspan, BG LNG Services Providence, Rhode Island 2005 500

Crown Landing BP Logan Township, New Jersey 2008 1,200

Somerset LNG Somerset LNG Somerset, Massachusetts 2007 430

Table 12. North American LNG regasification proposals as of December 1, 2003 (million cubic feet per day)



natural gas is expected to become more of a global

commodity, and the world natural gas market is

expected to affect the U.S. market [47].

An important aspect of globalization is expansion of

the LNG spot market. Internationally, most LNG

currently is traded under long-term contracts. In

recent years, however, the short-term market has

played a more significant role, especially in the

United States (Figure 18). Most of the LNG imported

at the Everett terminal in Massachusetts remains

under long-term contract at relatively stable quanti-

ties, but short-term deliveries at Lake Charles, Loui-

siana, have risen and fallen dramatically over the past

few years, primarily in response to domestic natural

gas prices. In 2002, all cargoes into Lake Charles were

delivered under short-term contracts.

Recent developments in Japan and South Korea illus-

trate the potential impact of global developments on

the U.S. LNG market. In Japan, the forced closing of

more than a dozen nuclear reactors in 2001 and 2002

because of reporting discrepancies led to greater reli-

ance on fossil fuels for electricity generation. The

result was a significant increase in Japan’s demand

for LNG, so that the majority of world spot cargoes

were delivered to the Japanese market. Japan’s

increased reliance on LNG probably contributed to

the reduction in short-term deliveries of LNG to the

United States during the winter of 2001-2002,

although low natural gas prices also played a role. In

South Korea, an unusually cold winter in 2002-2003

led to the diversion of many spot cargoes to that coun-

try to meet unusually high demand for heating. The

increase in shipments to South Korea may in part

explain the low level of U.S. LNG imports during the

winter of 2002-2003, when natural gas spot prices

were spiking. These examples suggest that an

assessment of future U.S. LNG consumption patterns

cannot be based solely on the economics of the U.S.

natural gas market.

In the United States, an important factor in the

future growth of LNG imports is natural gas market

prices. The potential impact of U.S. natural gas prices

on LNG imports is illustrated by two AEO2004 sensi-

tivity cases, the rapid and slow technology cases

(Figure 19). The rapid and slow technology cases are

used to assess the sensitivity of the projections to

changes in assumed rates of progress for oil and natu-

ral gas supply technologies. To create the cases, refer-

ence case parameters for the effects of technological

progress on finding rates, drilling activity, lease

equipment and operating costs, and success rates for

conventional oil and natural gas wells were adjusted

by plus or minus 50 percent. Parameters for a num-

ber of key exploration and production technologies

for unconventional gas were also adjusted by plus or

minus 50 percent, and key parameters for Canadian

supply were also adjusted to simulate the assumed

impacts of rapid and slow oil and gas technology pene-

tration on Canadian supply potential.

In the projections for 2010, natural gas wellhead

prices range from $3.25 per thousand cubic feet (2002

dollars) in the rapid technology case to $3.58 in the

slow technology case; and in the 2025 projections, the

prices range from $3.80 in the rapid technology case

to $5.10 in the slow technology case. The volume of

LNG imports across the rapid and slow technology

cases varies from 1.6 trillion cubic feet to 2.3 trillion

cubic feet, respectively, in 2010 and from 3.8 to 5.5

trillion cubic feet in 2025, compared with 0.2 trillion

cubic feet in 2002.
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Reassessment of Canadian Natural Gas
Supply Potential

Until recently, Canada was expected to remain the

primary source of natural gas imports for the United

States through 2025, as projected in AEO2003; how-

ever, the AEO2004 reference case projects that net

imports of LNG will exceed net imports from Canada

by 2015 (Figure 20). The primary reason for the

change in the AEO2004 forecast is a significant down-

ward reassessment by the Canadian National Energy

Board (NEB) of expected natural gas production in

Canada. Both the NEB and the NPC have revised

their earlier estimates of total Canadian natural gas

production [48].

In 1999, NEB estimated total production in Canada

in a range of 8.1 to 9.0 trillion cubic feet in 2015 and

7.7 to 9.9 trillion cubic feet in 2025. In contrast,

NEB’s 2003 estimates show 5.9 to 7.1 trillion cubic

feet in 2015 and 4.3 to 6.1 trillion cubic feet in 2025.

NPC’s 1999 estimate for Canadian production in

2015 was 8.2 trillion cubic feet (no estimate was given

for 2025). In 2003, NPC estimated a range of 6.4 to 7.0

trillion cubic feet for 2015 and 5.8 to 6.9 trillion cubic

feet for 2025.

Other reasons are declining natural gas production in

the province of Alberta, which accounts for more than

75 percent of Canada’s natural gas production, and

increasing use of natural gas for oil sands production.

In its most recent annual reserve report, the Alberta

Energy and Utilities Board expects gas production in

the province to decline at an average rate of 2 percent

per year between 2003 and 2012, while its oil sands

production could triple. Because natural gas is one of

the fuels used in producing oil sands (see below, “Nat-

ural Gas Consumption in Canadian Oil Sands

Production”), such a dramatic increase could divert

significant amounts of gas from the U.S. import mar-

ket. Additional factors that could contribute to a

decline in Canadian gas exports include higher projec-

tions for domestic natural gas demand in Canada and

recent disappointments in Canadian drilling results,

including smaller discoveries with lower initial pro-

duction rates and faster decline rates.

Two recent and significant drilling disappoint-

ments occurred in northeastern British Columbia’s

Ladyfern field and the Scotian Shelf Deep Panuke

field. Production from the Ladyfern field, heralded as

Canada’s largest find in 15 years, peaked at 700 mil-

lion cubic feet per day in 2002 and is declining rapidly.

Current production is about 300 million cubic feet per

day, and many expect the field to be depleted by the

end of 2004. In February 2003, EnCana, initially

highly optimistic about the Deep Panuke field,

requested that the regulatory approval process for

developing the field be placed on hold while it reas-

sesses the economics of development.

The AEO2004 forecast expects the decline in Cana-

dian imports to be mitigated partially by the con-

struction of a pipeline to move MacKenzie Delta gas

into Alberta. Initial flows from the pipeline are

expected in 2009, with annual throughput reaching

approximately 675 billion cubic feet in 2012 and

remaining at that level through 2025.

Natural Gas Consumption in Canadian
Oil Sands Production

In recent years, extensive investment has gone into

the development of Alberta’s oil sands. In 2002, Can-

ada’s crude bitumen production from oil sands aver-

aged 790,000 barrels per day, while conventional

crude output was 2,140,000 barrels per day (including

natural gas liquids). Natural gas is used both to

extract the bitumen from the sand and to convert the

bitumen into syncrude. Currently, oil sands opera-

tions consume approximately 330 billion cubic feet

per year of natural gas.

Canadian oil producers have announced a number of

new oil sands projects and expansions to existing oil

sands facilities. The question has arisen as to whether

these existing and future facilities will raise Canada’s

gas consumption by a significant amount, thereby

reducing the amount of Canada gas production,

which is available for export to the United States.

This discussion will briefly examine this issue.

Most of the existing and proposed oil sands projects

are located in the east-central portion of Alberta and
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are dispersed along a roughly north-south axis of

about 200 miles in length. The Canadian oil sands

consist of a mixture of sand, bitumen, and water.

Based on existing facilities, and project announce-

ments for expansions and new oil sands production

facilities, EIA projects total oil sands bitumen produc-

tion to be 1.7 and 3.3 million barrels per day in 2010

and 2025, respectively (Table 13). In 2010, about 52

percent of the bitumen is projected to be surface

mined, and the remaining 48 percent is projected to

be produced through in situ production [49]. In 2025,

approximately 57 percent of the oil sands bitumen is

projected to be surface mined, and 43 percent is pro-

jected to be produced through the in-situ production

method.

To produce synthetic crude oil, the bitumen can be

either partly or totally petroleum coked or hydro-

cracked. Petroleum coking requires less process

energy than hydrocracking and does not require a

hydrogen feedstock, but 100 barrels of bitumen yields

only 79 barrels of syncrude. Hydrocracking, on the

other hand, requires both more process energy and a

hydrogen feedstock, but 100 barrels of bitumen pro-

duces about 106 barrels of syncrude.

There are three potential fuels that can be used either

exclusively or in part to produce oil sands syncrude,

namely, natural gas, produced bitumen, or petroleum

coke, the latter of which is a process byproduct.

Depending upon an oil sands facility’s design flexibil-

ity, the syncrude producer can change the slate of

inputs, such as natural gas, and the slate of outputs

(e.g., syncrude, petroleum coke) so as to maximize the

profit margin associated with the production and

upgrading of bitumen into syncrude, based on the

cost/price of both the inputs and outputs. Conse-

quently, the consumption of natural gas in these

upgrading facilities is expected to change over time as

relative prices change. Moreover, the input/output

flexibility of any particular bitumen upgrading facil-

ity can be enhanced in the future, if prices warrant.

Consequently, if natural gas prices were sufficiently

high and oil prices sufficiently low, syncrude

producers could theoretically eliminate natural gas

consumption entirely through the exclusive use of

bitumen and petroleum coke to provide the energy

and feedstocks to produce and upgrade the bitumen.

Carbon dioxide emissions might also play a role in

determining the proportions of natural gas, bitumen,

and petroleum coke used for oil sands production and

processing. On December 17, 2002, Canada ratified

the Kyoto Protocol, which obligates it to reduce car-

bon dioxide emissions to 6 percent below their 1990

level. Because petroleum coke and bitumen release

more carbon dioxide when burned than natural gas

does, Canada’s Kyoto Protocol obligation could limit

the use of petroleum coke and bitumen in the process-

ing of bitumen from Canadian oil sands.

If natural gas were to be used exclusively to produce

and convert bitumen into syncrude, then the follow-

ing volumes of natural gas would be consumed to per-

form each of the following processes:

• Surface mine 1 barrel of bitumen—approximately

131 cubic feet

• In situ production of 1 barrel of bitumen—1,000

to 1500 cubic feet

• Petroleum coking 1 barrel of bitumen—approxi-

mately 168 cubic feet

• Hydrocracking 1 barrel of bitumen—approxi-

mately 490 cubic feet.

The natural gas consumption estimates presented in

Table 13 assume that natural gas is the only energy

and feedstock source for the production and upgrad-

ing of bitumen into syncrude. Table 13 assumes that

the in situ production of bitumen requires 1,250 cubic

feet of natural gas per barrel of bitumen. The first

estimate (Case I) assumes that the bitumen is exclu-

sively petroleum coked to create syncrude, while the

second (Case II) assumes that the bitumen is exclu-

sively hydrocracked. Of course, if oil sands producers

were to extensively use bitumen and petroleum coke

to provide most of the process energy and hydrogen

feedstock requirements, then the actual natural gas
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Projection 2002 2005 2010 2015 2020 2025

Tar sands oil supply (million barrels per day)

Mined bitumen 0.43 0.56 0.87 1.64 1.82 1.87

In situ bitumen 0.36 0.44 0.82 1.33 1.38 1.41

Total unconventional 0.79 1.00 1.69 2.97 3.20 3.28

Potential natural gas consumption (billion cubic feet per year)

Case I: Petroleum coking of bitumen into syncrude NA 289 519 867 913 934

Case II: Hydrocracking of bitumen into syncrude NA 406 718 1,216 1,289 1,319

Table 13. Projected Canadian tar sands oil supply and potential range of natural gas consumption in the

AEO2004 reference case, 2002-2025



consumed in future years would be considerably less,

potentially as low as zero.

In conclusion, given the potential fuel flexibility of oil

sands production facilities, the question of whether

Canadian oil sands production will consume signifi-

cant volumes of natural gas is not easily answered.

The answer to this question will depend not only on

the relative prices of syncrude and natural gas, but

also on the degree to which oil sands producers build

fuel-flexible facilities. Consequently, the actual out-

come could be as high as 1.3 trillion cubic feet per year

or as low as zero.

Natural Gas Consumption in the
Industrial Sector

Natural gas consumption in the U.S. industrial sector

increased by 1.6 percent per year on average from

1990 to 2000, fell sharply in 2001, and continued to

decline in 2002. During the 1990s, the industrial sec-

tor accounted for slightly less than 37 percent of total

U.S. natural gas consumption, peaking in 1997 at 8.7

quadrillion Btu or 37.5 percent of the total. In the

AEO2004 reference case, industrial natural gas use is

projected to return to a path of steady increase after

2003, averaging 1.5-percent annual growth from 2002

to 2025 (Figure 21). Total natural gas consumption

for industrial uses is projected to reach 10.6 quadril-

lion Btu in 2025—3.1 quadrillion Btu higher than in

2002—based on projected growth in industrial output

and modestly increasing natural gas prices over the

forecast period.

Within the industrial sector, natural gas use for com-

bined heat and power (CHP) applications is projected

to increase by 2.6 percent per year, for feedstocks by

0.8 percent per year, and for boiler fuel and direct

uses by 1.4 percent per year from 2002 to 2025

(Figure 22). With total industrial output (value of

shipments) increasing by 2.6 percent annually over

the same period, the natural gas intensity of indus-

trial output in 2025 is projected to be 21 percent lower

than in 2002.

As a result of the economic recession that began in

2001 and the rise in natural gas prices since 2000,

some industry observers have concluded that seg-

ments of the U.S. industrial sector have permanently

reduced output through closures of manufacturing

plants, and that the result will be a permanent reduc-

tion in demand for natural gas. Others note that simi-

lar industrial reactions to sharp increases in gas

prices and to recessions are not unprecedented, and

that the recent drop in demand is likely to be tempo-

rary [50] once industrial production growth resumes.

A history of the recent relationship between indus-

trial production and natural gas consumption is

shown in Figure 23. In the absence of severe,

multi-year recessions in the industrial sector and sus-

tained higher prices for natural gas, it is reasonable to

expect industrial output and natural gas consump-

tion to increase in the future.

AEO2004 projects little or no growth in industrial

demand for coal, and most of the projected increase in

demand for petroleum products is for asphalt and

petroleum byproducts. Natural gas remains the fuel

of choice in the industrial sector and will continue to

fire most CHP applications. In the AEO2004 refer-

ence case, industrial natural gas prices are projected

to rise by 1.4 percent per year on average, to $5.00 per

million Btu in 2025—60 cents lower in constant 2002

dollars than the 2003 price (Figure 24).

Some portions of the industrial sector, however,

are especially sensitive to natural gas prices—partic-

ularly those that use natural gas as a feedstock, such
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as nitrogenous fertilizer production, organic chemical

production, and petrochemical production. For exam-

ple, 0.7 quadrillion Btu of natural gas was used for

feedstocks in the chemical industry in 1998 [51],

accounting for about 10 percent of total natural gas

consumption in the manufacturing sector. Petro-

leum-based products, however, were the largest

source of industrial feedstock (for organic chemicals,

plastics, synthetic rubber, and petrochemicals),

amounting to 3.1 quadrillion Btu, more than four

times the quantity of natural gas used as a feedstock

in 1998.

One sector particularly sensitive to higher natural

gas prices is the nitrogenous fertilizer industry. Natu-

ral gas costs account for 70 to 80 percent of the cash

cost of fertilizer: production of a ton of ammonia uses

33.5 million Btu of natural gas [52]. At the average

industrial natural gas price during the 1990s, the

embodied cost of energy per ton of ammonia equates

to about $120. At the estimated average industrial

natural gas price in 2003 ($5.60 per million Btu), the

embodied cost of energy is $188 per ton—a 57-percent

increase. This significant increase in cost, if passed

through completely, would amount to only 9.9 cents

per bushel of corn, or 4 percent of the total average

price of $2.35 per bushel in 2002 [53]. Large percent-

age increases in costs for ammonia production do not,

therefore, necessarily result in proportional increases

in the price of agricultural products.

Higher production costs tend to be passed through

quickly to the price of ammonia [54], although the

amount of the pass-through can be reduced by compe-

tition from imports. Imports of ammonia historically

have accounted for about 20 percent of U.S. demand.

Their impact on reducing the amount of pass-through

costs can, however, lag over time.

The demand for natural gas as a feedstock to produce

ammonia is determined largely by the quantity of

ammonia produced, because petroleum-based fuels

are not generally a viable economic alternative [55].

In 1998, the nitrogenous fertilizer industry consumed

338 trillion Btu of natural gas as a feedstock [56]. An

additional 234 trillion Btu was consumed for process

heating. In principle, the portion of the industry’s

natural gas consumption used for process heating

could be switched to another fuel; however, in 1994

(the most recently available data for fuel switching),

the nitrogenous fertilizer industry reported that only

3.1 trillion Btu (1 percent) of its natural gas use was

switchable [57].

For at least two decades, the nitrogenous fertilizer

industry in the United States has been consolidating

[58]. From 89 plants with an average annual capacity

of 171,000 metric tons in 1970, the number of plants

fell sharply after 1980, and the average capacity of the

remaining plants more than doubled. In 2002 there

were only 37 plants operating, with an average capac-

ity of 451,000 metric tons. Total industry capacity in

2002, at 16.7 million metric tons, was only slightly

higher than in 1970 (15.2 million metric tons).

The consolidation, or even permanent closure, of

nitrogenous fertilizer plants has no meaningful

impact on U.S. natural gas markets, because the

plants account for only a small portion of total U.S.

gas consumption (0.5 quadrillion Btu out of

21.1 quadrillion Btu total in 1998). In addition, per-

manent closure of fertilizer plants in response to a

temporary increase in natural gas prices is unlikely.

For example, several producers temporarily idled

their plants in the first quarter of 2002, but most of

the idled capacity was back on line by the fourth quar-

ter of the year [59]. Also, the largest U.S. producer of
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nitrogenous fertilizer (Farmland Industries, an agri-

cultural cooperative), which declared bankruptcy in

early 2002 [60], continued to operate most of its

plants.

In the AEO2004 reference case, industrial sector out-

put is projected to grow by 2.6 percent annually from

2002 to 2025, the same growth rate experienced in the

1990s. The bulk chemical industry is projected to

grow by 1.6 percent annually, slightly below its

1.8-percent growth rate during the 1990s. Agricul-

ture is projected to grow by 1.2 percent annually,

leading to a projected 0.9-percent annual growth rate

for agricultural chemical production, of which nitrog-

enous fertilizer is a part [61]. In 2025, the value of

agricultural chemical shipments is projected to be

$24 billion, approximately equal to their 1997 value

(Figure 25).

Natural Gas Consumption for
Electric Power Generation

Data from EIA’s Form EIA-860 survey, “Annual Elec-

tric Generator Report,” show a dramatic increase in

additions to U.S. electricity generation capacity over

the past 3 years. In 2000, 2001, and 2002 more than

141 gigawatts of new generating capacity was con-

structed—far more than in any previous 3-year

period. Virtually all of that new capacity uses natural

gas as the primary fuel for electricity generation

(Figure 26).

Given the recent pace of capacity additions, it is not

surprising that the amount of electricity produced

from natural gas has increased substantially; how-

ever, natural gas consumption in the electric power

sector has not increased as rapidly, because the

efficiency of gas-fired generation has improved signif-

icantly (Figure 27). From 1995 to 2002, natural-gas-

fired generation in the power sector increased by 43

percent, but natural gas consumption increased by

only 31 percent. Notably, the gap between growth in

natural-gas-fired generation and natural gas con-

sumption by power producers began to appear in

2000, when the first wave (27 gigawatts) of the recent

surge in capacity expansion occurred.

The role of natural gas in the electric power sector is

expected to continue growing for the foreseeable

future. At the same time, the disparity between

increases in gas-fired generation and in the amount of

natural gas consumed by power producers is also

expected to continue growing. In addition to the

amount of new gas-fired generating capacity added,

other factors that will affect the amount of natural

gas used to generate electricity over the coming

decades include: the rate of growth in electricity sales;
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the efficiencies of new gas-fired plants relative to

those of older plants; and the price of natural gas rela-

tive to the prices of other fuels, particularly coal.

Relative to the amount of generating capacity operat-

ing in 1999, additions over the 2000-2002 period

amounted to an increase of 18 percent. Over the same

period, electricity sales grew by only 5 percent. Conse-

quently, many of the plants added in recent years are

unlikely to be used at full capacity in the early years of

their operation. Moreover, an additional 45 gigawatts

of new capacity is expected to be added in 2003, all but

2 gigawatts of which will use natural gas. With

growth in electricity sales expected to continue at a

much more modest pace, the recent disparity between

generating capacity growth and sales growth is

expected to widen in the near term, and it could be

many years before much of the newly added capacity

is used intensively.

Where new natural gas plants are used, their genera-

tion will often displace generation that would have

come from older, less efficient oil- and gas-fired gener-

ators. The natural-gas-fired plants that have been

added in recent years are much more efficient than

older plants. For example, new combined-cycle plants

have operating efficiencies between 45 and 50 per-

cent, whereas the efficiencies of older steam plants

generally are 33 percent or less. Accordingly, a new

plant could generate the same amount of electricity as

an older plant while consuming 27 percent less natu-

ral gas, or could use the same amount of gas as an

older plant while generating 36 percent more electric-

ity [62]. The “efficiency gap” between old and new

natural-gas-fired power plants is expected to lead

power companies to retire many of their older plants,

because it will no longer be economical to maintain

them. The newer plants, using substantially less fuel,

will provide the power that the older plants were

generating.

In the AEO2004 reference case forecast, natural gas

consumption in the electric power sector is projected

to continue to increase; however, the gap between the

growth in natural gas generation and natural gas con-

sumption in the power sector is also projected to

widen (Figure 28). In 2025, the amount of electricity

generated from natural gas is projected to be 166 per-

cent greater than it was in 1995, but the amount of

natural gas consumed for electricity production is

projected to increase by only 98 percent. Over the

same period, the average efficiency of all generators

using natural gas is projected to increase from 33 per-

cent to 45 percent.

Finally, in the later years of the forecast, rising natu-

ral gas prices are expected to make new coal-fired

capacity economically competitive. When new

coal-fired generating plants are added, they will be

less expensive to operate than gas-fired plants,

including those currently coming into service, and

they are expected to be used for baseload generation,

meeting customer needs around the clock. The capac-

ity factor for all oil- and gas-fired capacity is projected

to decline initially (Figure 29) because of the surge of

capacity additions in 2002 and 2003, then rise to

about 28 percent in 2018, and then decline as

new coal-fired plants come on line. In the AEO2004

forecast, the end result is that natural gas consump-

tion in the electric power sector is projected to con-

tinue growing more slowly than either additions of

gas-fired capacity or generation using natural gas.
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Natural Gas Markets: Comparison of
AEO2004 and National Petroleum Council
Projections

The National Petroleum Council (NPC) recently

released the first volume of a report describing two

possible projections for U.S. natural gas market con-

ditions through 2025 [63]. The NPC’s Reactive Path

and Balanced Future scenarios are compared here

with the AEO2004 reference case. Unlike the

AEO2004 reference case, which assumes the continu-

ation of current laws, policies, regulations, technol-

ogy trends, and productivity trends through 2025, the

two NPC scenarios assume the adoption of new poli-

cies, which “move beyond the status quo.” Of the two

NPC scenarios, the design of the Reactive Path is

closer to that of the AEO2004 reference case than is

the design of the Balanced Future scenario.

This discussion focuses on a “global” comparison of

the NPC and AEO2004 projections and assumptions,

because the two reports categorize and aggregate

energy market data differently. Although the NPC

report and AEO2004 begin from similar estimates of

total end-use gas consumption in 2002 (20.5 and 20.8

trillion cubic feet, respectively), the NPC study shows

0.9 trillion cubic feet more gas consumption in the

industrial sector and 1.1 trillion cubic feet less gas

consumption in the electric power sector in 2002.

This accounting difference can be attributed in part

to the fact that EIA has revised its data collection and

reporting systems for industrial electricity genera-

tion, or CHP. In addition, new industrial CHP is

reported by the NPC in the electric power sector,

whereas historical CHP consumption is counted in

the industrial sector. These accounting complications

preclude direct comparison of the AEO2004 and NPC

projections for industrial and electric power sector

natural gas consumption. Table 14 provides an over-

view of the AEO2004 and NPC 2002 data and projec-

tions for 2010 and 2025.

The primary similarities between AEO2004 and the

NPC projections include:

• The residential and commercial natural gas con-

sumption projections are almost identical.

• The AEO2004 gas consumption growth rate asso-

ciated with electric power generation falls be-

tween the growth rates projected in the two NPC

scenarios when the accounting is adjusted to be

the same for AEO2004 and the NPC study [64].

• The relative proportions of domestic gas produc-

tion and imports are similar in the AEO2004 and

NPC projections.

• Both AEO2004 and the NPC projections expect

gas imports from Canada to peak in 2009-2010

and decline thereafter.

• Imports of LNG are expected to increase through-

out the forecasts, so that by 2025 overseas LNG is

the primary source of U.S. natural gas imports.

• Projected volumes of offshore gas production are

similar in the two reports.

• Relative to nonassociated conventional gas, un-

conventional gas is projected to be the least expen-

sive incremental source of lower 48 onshore gas

supply.

The primary differences between the AEO2004 and

NPC projection scenarios include:

• The NPC projections expect lower growth in in-

dustrial output and a decline in industrial natural

gas consumption, leading to lower overall con-

sumption growth than in AEO2004.

• The NPC estimate of the cost of developing and

producing lower 48 natural gas resources is

higher than those in AEO2004. As a result, NPC

projects higher wellhead prices and less onshore

natural gas production.

• The AEO2004 reference case projects increasing

onshore gas production, whereas the NPC scenar-

ios project constant or declining onshore produc-

tion. This difference can be attributed largely to

the AEO2004 and NPC projections for onshore

nonassociated conventional gas production, which

is projected to be 5.9 trillion cubic feet in 2025 in

the AEO2004 reference case, compared with 4.2

and 4.1 trillion cubic feet in the NPC Reactive

Path and Balanced Future scenarios, respectively.

• The AEO2004 reference case projects a steady de-

cline in lower 48 onshore associated-dissolved gas

production, to 1.2 trillion cubic feet in 2025. Both

of the NPC scenarios project a slight decline

through 2005, followed by a slight rebound that

results in a 2025 projection for lower 48 onshore

conventional associated-dissolved gas production

that is almost identical to the 2002 level.

• The NPC projects a wide potential range of future

gas prices, with Henry Hub spot prices spanning

approximately $3.00 to $7.00 per million Btu

(2002 dollars) in 2025. AEO2004 projects 2025

wellhead prices at $4.40 per thousand cubic feet,

equivalent to $4.28 per million Btu (2002 dollars)

[65].
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Forecast Assumptions

Both the NPC Reactive Path scenario and the

AEO2004 reference case assume that U.S. GDP will

grow by 3 percent per year through 2025. For U.S.

electricity generation, AEO2004 projects 1.8-percent

average annual growth from 2002 through 2025,

while the NPC Reactive Path and Balanced Future

scenarios project average annual growth of 2.1 per-

cent and 2.0 percent, respectively. AEO2004 projects

2.6-percent annual growth in industrial output, com-

pared with 1.1 percent in the NPC scenarios.

AEO2004 and the NPC scenarios expect different

future oil prices. Both the NPC scenarios assume that

U.S. refiner crude oil acquisition prices will decline to

$18 per barrel in 2005 (2002 dollars) and continue at

that level through 2025. AEO2004 assumes that the

refiner acquisition price for imported crude oil will

decline to $23.30 per barrel in 2005 and increase

slowly to $27.00 per barrel in 2025 (2002 dollars).

The NPC Reactive Path scenario differs from

AEO2004 in projecting the size and composition of

the undiscovered lower 48 natural gas resource base

(Figure 30). Generally, AEO2004 assumes a larger

resource (1,065 trillion cubic feet) than the Reactive

Path and Balanced Future scenarios (770 and

874 trillion cubic feet, respectively) [66]. AEO2004

assumes more onshore conventional resources (392

trillion cubic feet) than the Reactive Path and Bal-

anced Future scenarios (289 and 297 trillion cubic

feet) and more unconventional gas resources (475

trillion cubic feet) than the Reactive Path and Bal-

anced Future scenarios (216 and 234 trillion cubic

feet). The Reactive Path and Balanced Future scenar-

ios assume more undiscovered offshore gas resources

(265 and 343 trillion cubic feet) than AEO2004 (197

trillion cubic feet). Accordingly, AEO2004 projects

proportionately more onshore gas production at mar-

ket-clearing prices than do the NPC scenarios.
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Projection

2002 2010 2025

AEO2004
Reactive

Path
Balanced

Future AEO2004
Reactive

Path
Balanced

Future AEO2004
Reactive

Path
Balanced

Future

Consumption

Residential 4.92 4.79 4.79 5.53 5.48 5.24 6.09 6.17 5.82

Commercial 3.12 3.11 3.11 3.48 3.50 3.49 4.04 4.09 4.18

Subtotal 8.04 7.91 7.91 9.01 8.97 8.73 10.13 10.26 10.00

Industrial 7.23 8.15 8.15 8.39 7.03 7.41 10.29 7.10 7.38

Electric power 5.55 4.45 4.45 6.66 6.67 6.15 8.39 8.18 7.24

Subtotal 12.77 12.59 12.59 15.05 13.70 13.56 18.68 15.28 14.62

Transportation 0.01 — — 0.06 — — 0.11 — —

Total end use 20.83 20.50 20.50 24.11 22.68 22.29 28.92 25.54 24.62

Pipeline fuel 0.63 0.73 0.73 0.67 0.81 0.78 0.84 0.83 0.77

Lease and plant fuel 1.32 1.20 1.20 1.36 1.25 1.25 1.65 1.25 1.24

Total consumption 22.78 22.43 22.43 26.15 24.73 24.32 31.41 27.62 26.62

Supply

Production

Total lower 48 18.62 18.09 18.09 19.90 19.04 19.00 21.29 18.89 18.90

Onshore 13.76 13.00 13.00 14.48 13.34 13.53 16.26 13.74 13.00

Associated-dissolved gas 1.60 1.48 1.48 1.41 1.32 1.32 1.17 1.49 1.45

Nonassociated gas 6.23 6.04 6.04 5.80 5.57 5.55 5.93 4.23 4.13

Unconventional gas 5.93 5.34 5.34 7.28 6.31 6.53 9.17 7.91 7.30

Offshore 4.86 5.09 5.09 5.42 5.69 5.47 5.03 5.15 5.90

Alaska 0.43 0.46 0.46 0.60 0.46 0.46 2.71 2.00 1.93

Total production 19.05 18.54 18.54 20.50 19.50 19.45 23.99 20.90 20.83

Net imports

Canada 3.59 3.60 3.60 3.68 3.50 3.25 2.56 2.70 1.29

Mexico -0.26 -0.21 -0.21 -0.34 -0.30 -0.30 -0.12 -0.26 -0.26

LNG 0.17 0.23 0.23 2.16 1.99 2.06 4.80 3.88 4.77

Total net imports 3.49 3.61 3.61 5.50 5.19 5.01 7.24 6.31 5.80

Net storage and LNG
withdrawals — 0.45 0.45 — 0.02 -0.01 — -0.03 -0.05

Supplemental fuels and ethane 0.08 0.09 0.09 0.10 0.27 0.15 0.10 0.43 0.20

Balance item 0.16 -0.26 -0.26 0.06 -0.25 -0.29 0.09 0.01 -0.17

Total U.S. gas supply 22.78 22.43 22.43 26.15 24.73 24.32 31.41 27.62 26.62

Table 14. Overview of U.S. natural gas consumption and supply projections, 2002, 2010, and 2025

(trillion cubic feet)



The AEO2004 and NPC gas resource assumptions dif-

fer most significantly with respect to the additional

gas resources expected to be discovered in existing

onshore conventional oil and gas fields (identified as

“field appreciation,” “reserve growth,” and “inferred

resources”). The AEO2004 assumption is based on

USGS resource estimates, which result in an inferred

onshore conventional gas resource base of 292 trillion

cubic feet. The NPC scenarios are based on a different

methodology, which results in 164 trillion cubic feet

of inferred resources. Because inferred gas resources

are the least expensive incremental source of domes-

tic natural gas supply, the difference in assumptions

is responsible in part for the different projections of

onshore conventional gas production.

Consumption

The AEO2004 and NPC projections differ with

respect to future levels of natural gas consumption

but largely agree on the mix of future supplies. In

2025, AEO2004 projects total U.S. gas consumption

of 31.4 trillion cubic feet, compared with 27.6 trillion

cubic feet in the Reactive Path scenario and 26.6 tril-

lion cubic feet in the Balanced Future scenario. Total

U.S. consumption of natural gas includes pipeline

fuel and production area lease and plant fuel, which is

natural gas consumed in production and transporta-

tion to end-use markets.

In 2025, the projections for total end-use gas con-

sumption (excluding pipeline, lease, and plant fuel)

are 28.9 trillion cubic feet in AEO2004, 25.5 trillion

cubic feet in the Reactive Path, and 24.6 trillion cubic

feet in the Balanced Future scenario (Figure 31). In

the AEO2004 reference case, end-use gas consump-

tion is projected to grow by 1.4 percent per year from

2002 to 2025, compared with 1.0 percent in the

Reactive Path and 0.8 percent in the Balanced Future

scenario. The differences between the AEO2004 ref-

erence case and the NPC scenarios result largely from

different projections for industrial sector natural gas

consumption, primarily as a result of the NPC’s lower

projected growth rate for industrial production.

Although NPC and AEO2004 employ different

accounting methods for the treatment of CHP in the

industrial sector, one method for comparing the NPC

and AEO2004 industrial and electric power gas con-

sumption projections is to account for the AEO2004

CHP projection results in the same manner as the

NPC scenarios, namely, by allocating incremental

CHP gas consumption after 2001 to the electric power

sector (Table 15). Based on this reallocation, it is clear

that the large difference between the AEO2004 and

NPC end-use gas consumption projections is attribut-

able primarily to significantly different expectations

for growth in industrial natural gas consumption. In

AEO2004, adjusted industrial gas consumption grows

by 1.1 percent per year throughout the forecast,

whereas the Reactive Path and Balanced Future sce-

narios project declines of 0.6 percent and 0.4 percent

per year, respectively.

In AEO2004, natural gas consumption for electric

power generation (adjusted for CHP) grows by 2.3

percent per year, which is between the Reactive Path

and Balanced Future projections of 2.7 percent and
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consumption, 2001-2025 (trillion cubic feet)

AEO2004

AEO2004
with CHP

adjustment
Reactive

Path
Balanced

Future

Industrial 1.5 1.1 -0.6 -0.4

Electric Power 1.8 2.3 2.7 2.1

Table 15. Growth rates for natural gas consumption

in the industrial and electric power sectors,

2002-2025 (percent per year)



2.1 percent per year, respectively. For residential and

commercial end-use consumption, the AEO2004 and

NPC projections are virtually identical throughout

the forecast.

In 2025, Henry Hub spot prices for natural gas are

projected to be between $5 and $7 (2002 dollars) per

million Btu in the Reactive Path scenario and

between $3 and $5 per million Btu in the Balanced

Future scenario, while end-use natural gas consump-

tion in 2025 is 0.9 trillion cubic feet lower in the Bal-

anced Future than in the Reactive Path scenario. The

Balanced Future scenario projects less natural gas

consumption despite significantly lower prices,

because it assumes that future gas-consuming equip-

ment (including gas-fired generating capacity) will

have more flexibility to use other fuels and will be

more fuel-efficient than assumed in the Reactive Path

scenario.

Supply

In both the NPC study and AEO2004, domestic natu-

ral gas consumption is satisfied through both domes-

tic gas production and net gas imports [67]. In all

three scenarios, net imports are projected to grow at a

faster rate than end-use gas consumption. AEO2004

projects average growth in net imports of 3.2 percent

per year between 2002 and 2025; the Reactive Path

and Balanced Future scenarios project average

growth in net imports of 2.5 and 2.1 percent per year,

respectively [68].

Although the AEO2004 and NPC end-use gas con-

sumption levels in 2025 are significantly different,

the relative proportions of domestic supply and net

imports are similar. For 2025, both AEO2004 and the

Reactive Path scenario project that net imports will

provide 23 percent of domestic natural gas consump-

tion, with the remaining 77 percent coming from

domestic supply sources. The Balanced Future sce-

nario projects corresponding proportions of 22 per-

cent and 78 percent.

Imports and Exports

Projected net imports of natural gas (pipeline and

LNG) in AEO2004 are higher than in either of

the NPC scenarios. The NPC developed detailed cost

estimates for liquefaction, shipping, and regasifica-

tion facilities and used those estimates to develop

exogenous LNG scenario projections. The Balanced

Future scenario assumes a more favorable LNG

import policy than in the Reactive Path scenario. In

the Balanced Future, net LNG imports are projected

at 4.8 trillion cubic feet in 2025, compared with

3.9 trillion cubic feet in the Reactive Path scenario

(Figure 32). AEO2004 projects LNG imports on the

basis of a comparison between LNG delivery costs

and projected natural gas prices. AEO2004 projects

4.8 trillion cubic feet of net LNG imports in 2025.

Although the AEO2004 projection for net LNG

imports in 2025 is almost identical to that in the Bal-

anced Future scenario, in terms of percentage of total

net imports, the 66-percent share projected for LNG

imports in 2025 in AEO2004 is closer to the

62-percent share in the Reactive Path than to the

82-percent share in the Balanced Future scenario.

Canada is the other major source of U.S. natural gas

imports. In 2025, imports from Canada are projected

to make up 35, 43, and 22 percent of total U.S. net

imports in the AEO2004 reference case, NPC Reac-

tive Path, and NPC Balanced Future scenario, respec-

tively. In all the projections, net imports from Canada

are projected to peak around 2009 and decline there-

after (Figure 33). AEO2004 projects 2.6 trillion cubic

feet of net imports from Canada in 2025, compared

with 2.7 and 1.3 trillion cubic feet in the Reactive

Path and Balanced Future scenarios, respectively.

Thus, in the NPC study, higher LNG imports are off-

set by lower imports from Canada. Both AEO2004

and the NPC scenarios project negligible quantities of

net gas exports from the United States to Mexico in

2025, at 0.1 and 0.3 trillion cubic feet, respectively.

Domestic Production

In both the NPC and AEO2004 projections, natural

gas imports increase more rapidly than consumption;

thus, all three scenarios project slower growth in U.S.

gas production than in consumption. The AEO2004

reference case projects 1.0-percent average annual

growth in domestic natural gas production from 2002

to 2025, compared with 0.5 percent per year in

the two NPC scenarios. The projections for total U.S.
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natural gas production in 2025 are 24.0, 20.9, and

20.8 trillion cubic feet in the AEO2004 reference case

and the Reactive Path and Balanced Future scenar-

ios, respectively (Figure 34). Periods of more rapid

increases in U.S. natural gas production are projected

for 2018-2020 in AEO2004 and 2013-2015 in the NPC

scenarios, resulting from the advent of North Slope

Alaska gas pipeline operations.

The NPC Reactive Path and Balanced Future scenar-

ios both assume that the Alaska gas pipeline will

begin operation in 2013 with an initial capacity of 4

billion cubic feet per day. AEO2004 projects that the

pipeline will begin operation in 2018 with a capacity

of 3.9 billion cubic feet per day of dry gas, followed in

2023 by a 0.9 billion cubic foot expansion, for a total

dry gas throughput capacity in 2025 of 4.8 billion

cubic feet per day.

AEO2004 projects total lower 48 production of 21.3

trillion cubic feet of natural gas in 2025, compared

with 18.9 trillion cubic feet in the Reactive Path sce-

nario and scenarios—only slightly higher than cur-

rent production levels. AEO2004 projects offshore gas

production similar to that in the NPC scenarios, but

higher onshore gas production. Onshore gas produc-

tion in AEO2004 is projected to be 76 percent of total

lower 48 production in 2025, compared with 73 per-

cent in the Reactive Path scenario and 69 percent in

the Balanced Future scenario. As a result, AEO2004

projects 16.3 trillion cubic feet of lower 48 onshore gas

production in 2025, compared with 13.7 and 13.0 tril-

lion cubic feet in the Reactive Path and Balanced

Future scenarios, respectively.

In all three scenarios, lower 48 offshore produc-

tion fluctuates because sufficient natural gas

reserves must be discovered in an area to justify the

construction of offshore platforms and pipelines.

AEO2004 projects average offshore gas production of

5.0 trillion cubic feet per year from 2002 through

2025, compared with an average of 5.4 trillion cubic

feet per year in the two NPC scenarios.

The projections for cumulative lower 48 natural gas

production from 2002 through 2025 are summarized

in Table 16. AEO2004 projects 489 trillion cubic feet

of production from the lower 48 gas resource base,

proportionately more from onshore (75 percent) than

offshore (25 percent). The Reactive Path and Bal-

anced Future projections are similarly apportioned:

72 and 71 percent onshore and the remaining 28 and

29 percent offshore, respectively.

The NPC Balanced Future scenario assumes in-

creased access to Federal offshore areas and onshore

lands, while the Reactive Path does not. Federal off-

shore access adds 79 trillion cubic feet to the offshore

technically recoverable and accessible resource base,

and greater Federal lands access adds 35 trillion cubic

feet to the onshore technically recoverable and acces-

sible gas resource base (see Figure 30) [69]. The Bal-

anced Future scenario projects 0.8 trillion cubic feet

more cumulative offshore gas production than in the

Reactive Path scenario but produces considerably

less of the total accessible offshore resource base

(Table 17).

Energy Information Administration / Annual Energy Outlook 2004 53

Issues in Focus

2001 2005 2010 2015 2020 2025
0

5

10

15

20

25

Reactive Path

AEO2004

Balanced Future

Figure 34. Total U.S. domestic natural gas

production, 2001-2025 (trillion cubic feet)

2001 2005 2010 2015 2020 2025
0

1

2

3

4

Reactive Path
AEO2004

Balanced Future

Figure 33. Net imports of natural gas from Canada,

2001-2025 (trillion cubic feet)

Onshore Offshore Total

AEO2004 367.8 (75%) 120.9 (25%) 488.7

Reactive Path 327.8 (72%) 129.2 (28%) 457.0

Balanced Future 326.0 (71%) 130.0 (29%) 456.0

Table 16. Lower 48 cumulative natural gas

production, 2002-2025 (trillion cubic feet and

percent of total)



In the Balanced Future scenario, considerably more

gas is produced from regions of the offshore Atlantic

and Pacific that are currently not accessible. In 2025,

the incremental Atlantic and Pacific offshore gas pro-

duction is projected to be just over 752 billion cubic

feet. Most of the incremental offshore gas production

that results from increased Federal access occurs in

the offshore Atlantic, where gas production is pro-

jected to reach 608 billion cubic feet in 2025. The

impact of greater Federal access is not apparent until

after 2010, because considerable delays are expected

to be encountered in leasing, seismic exploration,

drilling, and development.

AEO2004 assumes a much larger volume of onshore

gas resources, both conventional and unconventional,

than do the NPC scenarios (see Figure 30). Also,

AEO2004 and the NPC scenarios project similar lev-

els of offshore gas production, even though AEO2004

projects considerably more total production than in

the NPC scenarios. As a consequence, most of the dif-

ference between the AEO2004 and NPC gas produc-

tion projections is attributable to their different

projections for onshore natural gas production.

The AEO2004 projection for unconventional natural

gas production is consistently higher than the NPC

projections [70]. In 2025, AEO2004 projects 9.2 tril-

lion cubic feet of unconventional gas production, com-

pared with the Reactive Path and Balanced Future

projections of 7.9 and 7.3 trillion cubic feet (Figure

35). Although the NPC scenario projections for

unconventional gas production are quite different in

2025, they are almost identical up to 2020.

For lower 48 onshore conventional production,

AEO2004 and the NPC scenarios again show consid-

erable differences in their projections for both

nonassociated and associated natural gas. AEO2004

projects a slow decline in nonassociated conventional

gas production throughout the forecast, to 5.9 trillion

cubic feet in 2025. The Reactive Path and Balanced

Future scenarios project more rapid declines to 4.2

and 4.1 trillion cubic feet in 2025, respectively. In all

three scenarios, unconventional gas production

increases while nonassociated conventional gas pro-

duction does not, indicating that unconventional gas

is the least expensive incremental source of lower 48

onshore natural gas production.

Lower 48 onshore production of associated-dissolved

conventional gas declines throughout the AEO2004

projection, to 1.2 trillion cubic feet in 2025. In the two

NPC scenarios, associated-dissolved conventional gas

production declines until 2005, then rises from 1.3

trillion cubic feet in 2005 to 1.5 trillion cubic feet in

2025. Associated-dissolved gas production depends

directly on crude oil production, and all three scenar-

ios project declining onshore production of crude oil

throughout the forecast period. The NPC scenarios,

however, project a slower decline than in the

AEO2004 reference case. In addition, the NPC sce-

narios project more natural gas production per barrel

of oil produced in 2025 than does AEO2004, which, in

combination with NPC’s higher projections for oil

production, results in the only instance of a higher

projection for a component of domestic natural gas

supply in 2025 in the NPC forecasts than in

AEO2004.

Nuclear Power Plant Construction Costs

With the improved performance of the 104 operating

U.S. nuclear power plants, increases in fossil fuel

prices, and concerns about global warming, interest

in building new nuclear power plants has increased.

Because no nuclear plants have been ordered in the

United States in nearly three decades, the costs of a

new plant are uncertain. To assess the economics of

building new nuclear power plants, EIA conducted a

series of workshops and seminars focusing on key fac-

tors that affect the economics of nuclear power—pri-

marily, the cost of building power plants and the

financial risks of constructing and operating them.
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natural gas production, 2001-2025 (trillion cubic

feet)

Onshore Offshore Total

AEO2004 42.4 61.4 45.9

Reactive Path 60.8 50.5 57.5

Balanced Future 56.8 38.8 50.2

Table 17. Portion of the lower 48 natural gas

resource base produced, 2002-2025 (percent of

technically recoverable and accessible resources)



History of Nuclear Power Construction Costs

As was typically the case with fossil-fuel-fired power

plants, many of the first-generation U.S. reactors

were constructed on a fixed price, turnkey basis.

Under this type of contractual arrangement, the ven-

dor assumed all the risk associated with cost overruns

and scheduling delays. In total, about 12 units were

ordered on a turnkey basis in the early to mid-1960s.

Although the costs of the reactors were never made

public, one study estimated that the vendors lost

more than $1 billion [71]. As a result, they eventually

stopped offering turnkey contracts to build nuclear

power plants and instead went to cost-based

contracts.

Factors affecting the costs of non-turnkey U.S. reac-

tors have been the subject of a number of analyses. An

EIA analysis found that realized real overnight costs

grew from about $1,500 per kilowatt for units begin-

ning construction in the 1960s to about $4,000 per

kilowatt for units beginning construction in the early

to mid-1970s (all costs in 2002 dollars, except where

noted). Lead times also increased, from about 8 years

to more than 10 years. Much of the growth in over-

night costs and lead times was unforeseen by those

preparing the estimates, and overruns in real over-

night costs and lead times ranged from 70 to 250 per-

cent [72].

Because of severe data limitations and the inherent

difficulty in measuring regulatory impacts, there is

only qualitative agreement that the following factors

caused the growth in nuclear plant costs and lead

times [73]:

• Increased regulatory requirements that caused

design changes (backfits) for plants under con-

struction

• Licensing problems

• Problems in managing “mega projects”

• Misestimation of cost savings (economies of scale)

for larger plants

• Misestimation of the need for the capacity.

Historically, the deployment of nuclear plants abroad

lagged behind that in the United States. Thus, there

was a tendency for utilities in Europe and Asia to

learn from the U.S. experience. Now, just the opposite

is occurring—the next generation of U.S. nuclear

power plants will benefit from foreign learning.

Accordingly, EIA’s present cost estimates used real-

ized costs of nuclear power plants in Asia as a starting

point.

Building New Nuclear Plants in the

United States

One of the major uncertainties in building new

nuclear power plants involves the regulatory and

licensing process. Regulatory actions were one of the

factors that contributed to the cost growth in the

1970s and 1980s, and as a result there were signifi-

cant efforts to reform the process. In the late 1980s,

the U.S. Nuclear Regulatory Commission (NRC)

modified backfit regulations to make it more difficult

to order changes in a plant’s design during construc-

tion. Additionally, with the passage of the Energy Pol-

icy Act of 1992, the licensing process was also changed

substantially. Before 1992, a utility needed one

license to begin construction and another to begin

commercial operation. Public hearings were a prereq-

uisite for both licenses, and in some cases they proved

to be very contentious. Now, as long as a firm follows

all the agreed-upon procedures, tests, and inspec-

tions, separate hearings are not required. The 1992

legislation also allowed for the pre-approval of vari-

ous designs; as a result, many technical engineering

issues can be settled before the licensing process

begins.

Beginning in the mid-1990s, the nuclear industry

began to design new Generation III (or III+) reactors.

In general, the new designs represent incremental

improvements over the current generation of

light-water reactors. They are simpler and include

more “passive” safety features. As discussed below,

these design changes have cost implications.

The vendors of two Generation III reactors—the

Advanced Boiling Water Reactor (ABWR) and an

Advanced Pressurized Water Reactor (the AP1000)—

have provided estimates of construction costs. GE’s

estimate for the ABWR ranges from $1,400 to $1,600

per kilowatt (2000 dollars) for a large, single-unit

plant (1,350 megawatts or more). British Nuclear

Fuels Limited (BNFL), the manufacture of the

AP1000, has estimated that construction costs for the

first two-unit 1,100-megawatt reactors will range

from $1,210 to $1,365 per kilowatt (2000 dollars).

GE’s estimate assumes that the government would

pay for 50 percent of the first-of-a-kind engineering

costs, and BNFL’s estimate assumes that the govern-

ment (or someone other than the purchaser of the

plant) would pay for all the first-of-a-kind costs.

BNFL also assumes that, because of learning, a third

two-unit plant could be built for about $1,040 per

kilowatt (2000 dollars) [74].

A state-owned Canadian firm, Atomic Energy Canada

Limited (AECL), has also stated its intention to
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market an advanced CANDU reactor, the ACR-700,

in the United States. The ACR-700, a design that uses

heavy water to moderate the reaction, is substantially

different from the AP1000 and ABWR [75]. One

major advantage of CANDU reactors, which have

been built worldwide [76], is the ability to refuel the

unit while it is operating. Light-water reactors must

be taken out of service before they can be refueled. On

the other hand, the use of heavy water raises nuclear

proliferation issues. The total cost of building “third

of a kind” twin-unit plants has been estimated by

AECL at about $1,100 to $1,200 per kilowatt.

All the above estimates are much lower than the capi-

tal costs that have been realized in the past for

nuclear power plants built in the United States and

abroad [77]. As noted above, the average construction

cost of U.S. units that entered commercial operation

in the 1980s was about $4,000 per kilowatt. On aver-

age, light-water and CANDU reactors have been built

in the Far East and elsewhere abroad at costs that are

in the low $2,000s per kilowatt. The AP1000 has

never been built anywhere in the world. If the ven-

dors are able to achieve their projected costs, their

plants are likely to be competitive with other generat-

ing options. The key question is whether cost reduc-

tions of the magnitude projected by the vendors are

achievable.

There is reason to believe that new reactors will be

less costly to build than those currently in operation

in the United States. Over the past 30 years, there

have been technological advances in construction

techniques that would reduce costs. In addition, the

simplified, standardized, and pre-approved designs

clearly result in cost savings. The newer plants have

fewer components and therefore would be less costly.

At least in the United States, only a few previously

built plants were based on standardized designs, and

in most cases construction began before the unit was

totally designed. The construction of customized

units, with the design work being done during the

plant’s construction, is clearly expensive. Because the

designs of advanced reactors are (or will be)

pre-approved by the NRC, much of the design work

will be done before their construction begins, and this

will lower costs. Regulatory changes will also lower

regulatory costs and risk.

Although it is reasonable to expect lower construction

costs for the new reactors, EIA and other organiza-

tions have questioned the size of the cost reductions

[78]. This is particularly true of the vendors’ esti-

mates relative to recently realized costs in Asia.

All the cost estimates from nuclear vendors assume

savings from building large multi-unit plants. The

estimates for the AP1000 and CANDU reactors

assume two unit sites, and those for the ABWR deal

with a 1,350- to 1,500-megawatt reactor. As discussed

below, the size of these projects has financial implica-

tions that cannot be overlooked. Moreover, there is

some evidence that cost overruns for earlier U.S.

reactors resulted from misestimation of the savings

from building large or multi-unit plants.

There are four major parties (and numerous second-

ary ones) involved in the construction of a nuclear

power plant: a firm that manages the construction of

the plant, a firm that supplies engineering and archi-

tectural support, a firm that supplies the reactor or

Nuclear Steam Supply System, and the firm that pur-

chases the unit. All incur costs, and it is important

that all their costs be included in the estimate. It is

possible that some reported estimates might deal only

with the costs to two or three of the parties; in such

cases, the estimates would not be inclusive.

Results of EIA-Sponsored Workshops and

Seminars and Derivation of EIA Estimates

In addition to sponsoring several workshops and sem-

inars on the subject of nuclear construction costs, EIA

also commissioned a series of reviews of the vendor

estimates. All the reviewers generally found that the

estimates included the costs to the four parties

involved with the construction of a nuclear power

plant, but they also found that the estimates were not

sufficiently detailed to permit verification of their

accuracy. Indeed, the only way to verify the estimates

would be to reproduce them—an effort that is prohib-

itively expensive.

EIA’s reviewers were forced to use their subjective

judgment, and there were differing opinions about

the estimates. The reviewers and workshop partici-

pants from the nuclear industry think that the cost

reductions are achievable, making arguments similar

to the ones presented above. One reviewer who is an

outside observer of the industry, one workshop par-

ticipant who is a financial analyst, and some outside

researchers were more skeptical. For example, in a

recent study from the Massachusetts Institute of

Technology (MIT), researchers used $2,000 per kilo-

watt as a “base case” and employed a 25-percent cost

reduction as “unproven but plausible.”

The procedure used to derive nuclear construction

cost estimates for AEO2004 is as follows. For

non-nuclear technologies, EIA uses cost estimates
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consistent with realized outcomes for the construc-

tion of new generating capacity in the United States.

However, because no reactors have been built

recently in the United States, EIA’s cost estimates

are based on foreign cost data. There are two market-

able Generation III light-water reactors currently in

operation, and another four are under construction in

Asia [79]. Thus, the starting point for an estimate of

building the “next” new U.S. advanced nuclear power

plant was the realized cost of the two operating

light-water nuclear units in Asia. In AEO2004, $2,083

per kilowatt (inclusive of all contingencies) is used as

the realized cost for these two reactors [80].

The four units that are under construction in Asia

will be completed over the next 5 years. The first new

U.S. plant could not become operational until 2012 at

the earliest. Thus, the construction of the first U.S.

plant will benefit from experience gained in the con-

struction of the four units in Asia.

For all advanced technologies that are in the early

stages of commercialization, EIA assumes that,

because of learning, U.S. capital costs will fall by 5

percent for each of the first three doublings of newly

built capacity. The same learning factor is applied to

the costs of the four advanced light-water reactors

under construction in Asia. Thus, the cost reduction

from learning in building four additional reactors

(roughly 1.5 doublings of capacity) is about 8.5 per-

cent. As a result, the assumed realized cost, inclusive

of contingencies, of the sixth advanced light-water

reactor in Asia when it is completed is $1,928. This is

the estimate used in the projections [81].

As new U.S. nuclear plants are built, because of learn-

ing, EIA assumes that costs will continue to fall. For

example, if 10 new units were constructed in the

United States, costs would continue to fall to about

$1,719 per kilowatt (inclusive of all contingencies) as

a result of learning. Even if no nuclear plants were

built in the United States, EIA assumes that costs

would fall to about $1,752 per kilowatt by 2019. As

shown in Figure 36, the AEO2004 cost estimates are

below realized costs for older U.S. plants and plants

recently built abroad.

The vendors’ estimates of construction lead times are

generally about 36 to 48 months from the date of the

first concrete pour to the date of initial system testing

(or fuel loading). This definition of lead time is often

used, because most of the funds are expended over

that period. To compute interest costs, EIA uses a

slightly different definition of lead times—namely,

the time between the commencement of the licensing

process to the date of commercial operation. The

licensing process will take 12 to 24 months, and there

will be an additional 6 months between fuel loading

and commercial operation. Thus, EIA assumes a

6-year lead time.

In one of EIA’s workshops, the issue of the time and

cost for preparing a license application and the

expenses incurred in obtaining the license were dis-

cussed. Some within the industry think an additional

4 years would be needed to prepare the application

and license the first few plants, resulting in a 10-year

total lead time. A small cost premium (up to 5 per-

cent) is added by EIA to the cost of just the first four

units built. This is called the “technological optimism

factor.” Because this factor gradually goes to zero as

new nuclear plants are constructed, there will be an

additional reduction in costs over and above the

learning effects. This cost reduction, in part, captures

the reduction in expenses associated with the 4-year

reduction in lead times as a result of improvements in

the licensing process.

Summary of the Projections

Over the past few years, most economic analyses of

nuclear power have tended to compare the cost of gen-

erating electricity from nuclear technology with the

cost of producing power from a combined-cycle natu-

ral-gas-fired power plant. As long as natural gas

prices remain in the range of $2 to $3 per thousand

cubic feet, the cost of building and operating a new

gas-fired plant will be much less than the cost of a new

coal-fired plant. Therefore, the assumption has been

that nuclear power would compete with com-

bined-cycle gas plants. With natural gas prices rising,

however, new coal-fired power plants and, to some

extent, renewable energy are becoming competitive

with new natural gas units in many parts of the

United States.
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Figure 36. Estimates of overnight capital costs for

nuclear power plants (2002 dollars per kilowatt)



The AEO2004 reference case assumes that nuclear

power plant construction costs will fall from $1,928

per kilowatt to $1,752 in 2019. On that basis, no new

nuclear power plants would be built before 2025 in

the reference case. In two advanced nuclear cases,

vendor estimates for the AP1000 and ACR-700 reac-

tors are used. In both advanced cases, the current

level of nuclear capital costs is assumed to be lower

than in the reference case, and cost reductions are

assumed to be greater than in the reference case. Spe-

cifically, one advanced case—the vendor estimate

case—is based on an average of the AP1000 and

ACR-700 reactor first-of-a-kind and nth-of-a-kind

costs [82]. In this case, costs would fall from $1,555

per kilowatt in 2004 to $1,149 in 2019. The second

advanced nuclear case—the AP1000 case—uses just

the vendor cost estimates for the AP1000. In this

case, costs would fall from $1,580 per kilowatt to

$1,081 in 2019.

In the AP1000 case, where costs fall to about $1,081

per kilowatt in 2019, EIA projects that about 26

gigawatts of new nuclear power plant capacity would

be constructed and become operational by 2025. The

26 gigawatts of new nuclear power plant capacity

would displace 19 gigawatts of coal-fired capacity and

7 gigawatts of mainly fossil-fuel-fired capacity. In the

average cost case, where costs fall to $1,149 per kilo-

watt in 2019, 12.8 gigawatts of new nuclear power ca-

pacity would be built and become operational by 2025,

displacing about 9.4 gigawatts of coal-fired capacity.

If the projections were extended beyond 2025, or if

the cost reductions occurred more rapidly than

assumed in the two advanced nuclear cases, the pro-

jected amount of new nuclear capacity would be much

greater. The total assumed capital cost of a pulverized

coal plant in 2005 is $1,170 per kilowatt—about 10

percent higher than the vendor’s estimate of the

AP1000 costs [83]. Coal and nuclear fuel costs are 10

mills and 4 mills per kilowatthour, respectively. His-

torically, non-fuel operating and maintenance costs

are roughly the same for the two technologies. Given

a nuclear capital cost estimate of $1,081 per kilowatt,

both the capital and operating costs would therefore

be less for nuclear than for coal-fired power plants. If

the $1,081 per kilowatt estimate could be realized, it

is possible that nuclear power could eventually be

used to satisfy virtually all the baseload demand in

the United States in future years.

The Issue of Risk

Another issue that received considerable attention in

the EIA workshops was the financial risk in con-

structing and operating any power plant. There are

risks associated with the use of natural gas, coal, and

nuclear power. Natural-gas-fired power plants can be

built in a few years and are relatively inexpensive,

and thus there is little risk in their construction; how-

ever, because natural gas prices are volatile, there are

risks involved with the operation of gas-fired power

plants. Indeed, a number of the workshop partici-

pants noted that nuclear power can be used to hedge

fuel price risks associated with gas plants.

Environmental factors aside, coal prices are relatively

stable, and thus the fuel price risks associated with

coal-fired power plants are small. Environmental reg-

ulations could change, however, especially with

respect to global warming, with major impacts on the

economics of operating coal plants. Thus, there are

regulatory risks associated with the operation of

coal-fired power plants. One workshop participant

noted that firms have been able to finance the con-

struction of coal-fired plants because of a perception

that changes in environmental regulations will not

occur for another 10 to 15 years, and by then the loans

will have been repaid.

There are also regulatory risks involved with the con-

struction and operation of nuclear power plants.

According to a number of workshop participants, the

financial community clearly has not completely dis-

counted the cost overruns that occurred in the 1970s

and 1980s. Thus, all the participants agreed that the

nuclear industry must demonstrate that a nuclear

power plant can be built on time and on budget. Fur-

ther, the new licensing process has yet to be tested,

and there is considerable uncertainty about how it

will work. In fact, all the participants agreed that

some type of support from a third party (the Federal

Government) would be needed before the first few

plants could be built.

If nuclear power plants are built in a deregulated

environment, their owners—like the owners of any

power plant—will be exposed to output price risk.

Electricity prices might be lower than anticipated,

resulting in insufficient revenues to cover all the

operating costs, loan repayments, and returns to

shareholders. As a result of market deregulation,

electricity is now a commodity, and like any other

commodity, in the short run electricity prices are

extremely volatile and subject to “boom and bust”

cycles. The events of the past few years suggest that if

plants become operational in the “bust” part of a

cycle, the result can be financial ruin.

Although all units are subject to output price risk,

nuclear power plants are affected differently because

of their relatively high capital costs and longer lead
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times. That is, because of nuclear power’s relatively

high capital costs, relatively more capital is “at risk.”

Moreover, the uncertainty of any forecast of electric-

ity prices increases as the length of the forecast period

increases (a 6-year forecast is more uncertain than a

2-year forecast). Because of nuclear power’s relatively

long lead times, electricity prices must be anticipated

over a relatively long period, leading to more

uncertainty.

All the workshop participants outside the nuclear

industry argued that stable and predictable revenues

resulting from long-term, fixed-price power purchase

agreements or other financial or regulatory instru-

ments are crucial to the financing of a nuclear power

plant. Long-term (10 to 20 years) firm fixed price pur-

chased power contracts are, however, very difficult

and expensive to obtain. Moreover, as a recent EIA

report noted, until some structural flaws in electric

power markets are corrected, the use of financial

derivatives to manage electricity price risk is limited

[84]. Thus, at least in the short run, it is not clear

whether it will be possible to obtain a stable stream of

revenues from a nuclear (or other) power plant.

The advanced nuclear cases summarized above and

presented in detail in the “Market Trends” section of

this report assume that institutional and financial

arrangements can be used to mitigate (or shift) out-

put price risk at very little cost to decisionmakers. A

fixed-price purchased power contract is one possible

financial arrangement that would shift the risk to

those holding the contract. Another possible institu-

tional arrangement would be a consortium formed by

a group of utilities and vendors to build nuclear power

plants. In such a case, the risks would be spread

among all the consortium members.

The Renewable Electricity Production
Tax Credit

In the late 1970s and early 1980s, environmental and

energy security concerns were addressed at the Fed-

eral level by several key pieces of energy legislation.

Among them, the Public Utility Regulatory Policies

Act of 1978 (PURPA), P.L. 95-617, required regulated

power utilities to purchase alternative electricity gen-

eration from qualified generating facilities, including

small-scale renewable generators; and the Invest-

ment Tax Credit (ITC), P.L. 95-618, part of the

Energy Tax Act of 1978, provided a 10-percent Fed-

eral tax credit on new investment in capital-intensive

wind and solar generation technologies [85].

The Energy Policy Act of 1992 (EPACT) included a

provision that addresses problems with the ITC—

specifically, the lack of incentives for operation of

wind facilities. EPACT introduced the Renewable

Electricity Production Tax Credit (PTC), a credit

based on annual production of electricity from wind

and some biomass resources. The initial tax credit of

1.5 cents per kilowatthour (1992 dollars) for the first

10 years of output from plants entering service by

December 31, 1999, has been adjusted for inflation

and is currently valued at 1.8 cents per kilowatthour

(2002 dollars) [86, 87].

The original PTC applied to generation from

tax-paying owners of wind plants and biomass power

plants using fuel grown in a “closed-loop” arrange-

ment—crops grown specifically for energy produc-

tion, as opposed to byproducts of agriculture,

forestry, urban landscaping, and other activities. In

its early years, the PTC had little discernable effect

on the wind and biomass industries it was designed to

support. By 1999, however, when the provision was

originally set to expire, U.S. wind capacity had begun

growing again, and the PTC supported the develop-

ment of more than 500 megawatts of new wind capac-

ity in California, Iowa, Minnesota, and other States.

Wind power development was also encouraged by

State-level programs, such as the mandate in Minne-

sota for 425 megawatts of wind power by 2003 as part

of a settlement with Northern States Power (now

Xcel Energy) to extend on-site storage of nuclear

waste at its nuclear facility [88].

In 1999, the PTC was allowed to expire as scheduled,

but within a few months it was retroactively extended

through the end of 2001 [89], and poultry litter was

added to the list of eligible biomass fuels. Although

wind power development slowed significantly in 2000,

2001 was a record year with as much as 1,700 mega-

watts installed [90]. Again, State and local programs,

including a significant renewable portfolio standard

(RPS) program in Texas, also supported new wind

installations.

The PTC was allowed to expire again on December

31, 2001, while Congress worked on a comprehensive

new energy policy bill. It was retroactively extended a

second time to December 31, 2003, as part of an omni-

bus package of extended tax credits passed in

response to the economic downturn and terrorist

attacks of 2001 [91].

Like the 1999 expiration and extension, the extension

of the PTC in 2002 was followed by a lull in wind

power development. And again, a review of confirmed

industry announcements indicates that 2003 will see

total new installations of more than 1,600 megawatts

of wind capacity. Significantly, while many 2003
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builds still rely on multiple incentives (for example,

the PTC plus a State program) to achieve economic

viability, there are some in Oklahoma and other

States that have been developed with little govern-

ment support beyond the PTC [92].

With reductions in capital costs and increases in

capacity factors [93], wind power technology has

improved since the introduction of the ITC and subse-

quent replacement by the PTC. It is likely that the

installations spurred by these incentives allowed the

industry to “learn by doing” and thus contributed to

improvement of the technology. There were, how-

ever, other factors that contributed to cost reductions

during the period, including government-funded

research and development (both domestic and inter-

national) and large markets for wind power technol-

ogy that were created by subsidy programs in other

countries, especially, Denmark and Germany.

The AEO2004 reference case, assuming no extension

of the PTC beyond 2003, projects that the levelized

cost of electricity generated by wind plants coming on

line in 2006 (over a 20-year financial project life)

would range from approximately 4.5 cents per kilo-

watthour at a site with excellent wind resources [94]

to 5.7 cents per kilowatthour at less favorable sites.

To incorporate the effect of the current 1.8-cent tax

credit over the 10-year eligibility period for those

plants, the projections account for both the tax impli-

cations and the time value of the subsidy. As a tax

credit, the PTC represents 1.8 cents per kilowatthour

of tax-free money to a project owner. If the owner did

not receive the tax credit and wanted to recoup that

1.8 cents with taxable revenue from electricity sales,

the owner would have to add 2.8 cents to the sales

price of each kilowatthour, assuming a 36-percent

marginal tax rate. Applying the same assumptions

used to derive the 4.5-cent total levelized cost of wind

energy over a 20-year project life, the levelized value

of the PTC to the project owner is approximately 2

cents per kilowatthour.

In the reference case, the levelized cost for electricity

from new natural gas combined-cycle plants is 4.7

cents per kilowatthour, and for new coal-fired plants

the projected cost in 2007 is 4.9 cents per kilowatt-

hour [95]. Thus, it is easy to see how the PTC could

make wind plants an attractive investment in the cur-

rent electricity market.

In addition to generation cost comparisons, the differ-

ence between an intermittent resource (wind plants)

and a dispatched resource (coal- and gas-fired plants)

must also be considered. Dispatched generation

provides “value” to the grid because it contributes

more to the reliability of the system and is generally

available to meet daily and seasonal load require-

ments. An intermittent resource has only limited

ability to contribute to grid reliability and does not

necessarily produce energy in a daily or seasonal pat-

tern that matches daily or seasonal load variations.

Given the uncertainty regarding both the short-term

extension of the PTC and its long-term fate, EIA

developed three alternative PTC cases for AEO2004.

The cases are not meant to indicate a preferred or

even likely policy outcome, but rather to provide a

useful range of possible outcomes to provide insight

into the effects of the PTC program on future energy

markets relative to the reference case forecast, which

assumes no new PTC subsidy beyond 2003.

The 3-year PTC case assumes that the PTC is

extended to December 31, 2006, as provided for in the

Energy Bill Conference Report adopted in the House

and now before the Senate. The extended program

continues to cover wind and currently eligible bio-

mass fuels, and coverage is extended to “open loop”

biomass sources (primarily waste or byproducts from

other processes) and landfill gas generation, as pro-

vided for in the Conference agreement. Otherwise,

the structure of the program is assumed to remain the

same as under current law.

The 9-year PTC case assumes extension of the pro-

gram to December 31, 2012, as well as the expansion

to all biomass and landfill gas resources. All other

assumptions remain the same as under current law.

This case assumes a single 9-year extension, rather

than a series of short-term expirations and

reauthorizations [96]. Because the history of the PTC

indicates that such a cycle can affect the dynamics of

industry expansion, and because the specific

tax-liability limitations of project owners are

unknown, this case provides upper-end estimates of

capacity additions resulting from the PTC with a

9-year extension.

The 9-year half PTC case also assumes an extension

of the PTC to 2012 and expansion to biomass and

landfill gas resources. In this case, however, a modi-

fied program is assumed, with the value of the tax

credit set at 0.9 cents per kilowatthour (2003 dollars)

for the first 10 years of plant operation, indexed to

inflation. The assumptions for this case do not reflect

any expectation or proposal for the policy but were

selected to provide insight into the limitations of the

analysis—specifically, uncertainty about the ability

of industry to capture the full tax credit value—as
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well as an indication of program effects if the value of

the tax credit were reduced.

The reference case does not assume the installation of

any planned capacity for which construction is indi-

cated to be dependent on extension of the PTC. Such

planned capacity is included in the three sensitivity

cases through the assumed final extension date—

2006 in the 3-year PTC case and 2012 in the 9-year

PTC case and the 9-year half PTC case. Otherwise,

the sensitivity cases follow the reference case assump-

tions and are based on a fully integrated run of the

National Energy Modeling System (NEMS), ensuring

that price feedback effects (such as in natural gas

markets) are fully accounted for.

Table 18 compares the key results of the three PTC

sensitivity cases with the reference case. The 3-year

PTC case, with an expiration date of December 2006,

results in an additional 7.9 gigawatts of new wind

capacity by 2010 compared to the reference case. By

2025, however, new wind capacity in the 3-year PTC

case is only 7.8 gigawatts higher than in the reference

case. Between 2007 (after the PTC expires) and 2025,

13.5 gigawatts of new wind capacity is constructed in

the 3-year PTC case, compared with 8.6 gigawatts in

the reference case for the same period. After 2010, the

3-year PTC case does not project additional wind

capacity builds beyond those in the reference case.

Compared with the reference case, no additional con-

struction of new biomass facilities by 2010 is pro-

jected in the 3-year PTC case. Biomass facilities

require longer construction lead times than the

3-year extension and therefore are not able to take

advantage of the 3-year extension.

The 3-year PTC case projects the cumulative cost to

the U.S. Treasury from the 3-year extension to be

$1.7 billion (2002 dollars), using a 7 percent real dis-

count rate [97]. This represents the tax revenue not

recovered from the tax-paying owners of all wind and

dedicated biomass facilities placed in service from the

beginning of 2004 to December 31, 2006. It does not

include lost revenue from existing facilities (placed in

service before December 31, 2003) but does include

facilities already planned or committed to be built

after 2003.

The 9-year PTC case, with an expiration date of

December 2012, results in an additional 32.3 giga-

watts of new wind capacity by 2010 compared to the

reference case. By 2015, that has increased to 54.7

gigawatts over the reference case, but by 2025, the

9-year PTC case only has an additional 49.4 gigawatts

over the reference case. The cumulative cost to the

U.S. Treasury for a 9-year, full value extension is $33

billion, compared to the reference case with no

extension.

The extension to 2012 also provides an opportunity

for new biomass facilities to be constructed to take

advantage of the tax credit. By 2010, an additional 2.2

gigawatts of operating biomass capacity is projected

in the 9-year PTC case relative to the reference case,

increasing to 8.5 gigawatts over the reference case in

2015 and 10 gigawatts in 2025. In 2025, the 13.7

gigawatts of installed biomass capacity in the 9-year

PTC case is projected to generate 91 billion kilo-

watthours, in addition to 230 billion kilowatthours of

projected generation from 65.4 gigawatts of installed

wind capacity. Although the additional biomass
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Projection

2003 2010 2025

Reference Reference
3-year
PTC

9-year
PTC

9-year
half PTC Reference

3-year
PTC

9-year
PTC

9-year
half PTC

Electric power sector net summer capacity (gigawatts)

Municipal solid waste and
landfill gas 3.6 3.9 4.6 4.7 4.4 4.0 4.6 4.7 4.5

Wood and other biomass 1.9 2.2 2.1 4.4 3.2 3.7 4.6 13.7 8.1

Wind 6.5 8.0 15.9 40.3 23.4 16.0 23.8 65.4 38.8

Total electric power industry 936.9 931.7 937.5 958.1 943.3 1,169.9 1,176.7 1,221.0 1,191.7

Electric power sector generation (billion kilowatthours)

Municipal solid waste and
landfill gas 25.6 28.1 33.7 34.5 32.3 28.5 33.9 34.7 32.4

Wood and other biomass 15.7 23.5 23.4 28.4 26.3 29.2 33.4 90.9 51.8

Dedicated plants 10.8 13.3 13.0 22.5 17.5 22.9 28.4 90.9 51.0

Co-firing 5.0 10.3 10.4 6.0 8.8 6.3 5.0 0.0 0.8

Wind 17.4 24.1 52.5 139.3 79.2 53.2 81.8 230.0 136.5

Total electricity generation 3,900.0 4,510.0 4,511.0 4,523.0 4,512.0 5,787.0 5,787.0 5,805.0 5,790.0

Table 18. Key projections for renewable electricity in the reference and PTC extension cases, 2010 and 2025



capacity projected in the 9-year PTC case relative to

the reference case is only 21 percent of the wind

capacity added by 2025, because of its higher relative

capacity factor, the projected generation from the

additional biomass capacity is almost 40 percent of

that from the additional wind capacity.

Almost 6.3 billion kilowatthours of biomass co-firing

(that is, biomass fuel burned with coal in existing

coal-fired plants) is projected in the reference case by

2025. In the 9-year PTC case, no co-fired generation is

expected by 2025, largely because the more efficient

new dedicated biomass facilities would be able to pay

feedstock suppliers higher fuel premiums than the

less efficient existing coal facilities retrofitted

with co-firing equipment. Total biomass generation

(dedicated plus co-firing) in the 9-year PTC case is

more than triple total biomass generation in the ref-

erence case (91 billion kilowatthours and 29 billion

kilowatthours, respectively).

In the 9-year half PTC case, substantial projected

increases in wind capacity relative to the reference

case projection reflect wind power costs that are,

without subsidy, very close to being competitive.

Although the 9-year half PTC case projects 27

gigawatts less installed wind capacity in 2025 than

the 9-year PTC case, it projects almost 23 gigawatts

more than in the reference case. Like the 9-year PTC

case, the 9-year half PTC case projects significant lev-

eling off of new wind installations after 2012, when

eligibility for the subsidy ends. Between 2015 and

2025, wind capacity in the 9-year half PTC case

increases by only 1.1 gigawatts, compared with 5.5

gigawatts of capacity growth in the reference case.

Although by 2015 the basic unsubsidized levelized

cost [98] of wind energy is reduced by about 0.5 cents

per kilowatthour below the reference case for the

same year, fewer low-cost resources are available

once the subsidy has expired (having already been

developed with the subsidy in place), and fewer

attractive resources are available for development.

The cumulative cost of the PTC extension to the U.S.

Treasury in the 9-year half PTC case is projected to be

$16 billion.

The projection for dedicated biomass capacity in 2025

in the 9-year half PTC case is 4.3 gigawatts higher

than in the reference case. Although the additional

capacity is sufficient to draw substantial biomass

feedstock from the co-firing market, it does not com-

pletely eliminate it. Co-firing in 2025 in the 9-year

half PTC case is only about 0.8 billion kilowatthours

below the reference case projection of 6.3 billion

kilowatthours.

U.S. Greenhouse Gas Intensity

On February 14, 2002, President Bush announced the

Administration’s Global Climate Change Initiative

[99]. A key goal of the Climate Change Initiative is to

reduce U.S. greenhouse gas intensity by 18 percent

over the 2002 to 2012 time frame. For the purposes of

the initiative, greenhouse gas intensity is defined as

the ratio of total U.S. greenhouse gas emissions to

economic output.

AEO2004 projects energy-related carbon dioxide

emissions, which represented approximately 83 per-

cent of total U.S. greenhouse gas emissions in 2002.

Projections for other greenhouse gases are based on

projected rates of growth in their emissions, pub-

lished in the U.S. Department of State’s Climate

Action Report 2002 [100]. Table 19 combines the

AEO2004 reference case projections for energy-

related carbon dioxide emissions with the projections

for other greenhouse gases.
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Measure

Projection Percent Change

2002 2012 2025 2002-2012 2002-2025

Greenhouse gas emissions
(million metric tons carbon dioxide equivalent)

Energy-related carbon dioxide 5,729 6,763 8,142 18.0 42.1

Methane 613 623 616 1.6 0.5

Nitrous oxide 333 358 403 7.5 21.1

Gases with high global warming potential 121 271 595 124.3 393.0

Other carbon dioxide and adjustments
for military and international bunker fuel 66 73 84 10.3 26.1

Total greenhouse gases 6,862 8,087 9,839 17.8 43.4

Gross domestic product (billion 1996 dollars) 9,440 12,906 18,520 36.7 96.2

Greenhouse gas intensity
(thousand metric tons carbon dioxide
equivalent per billion 1996 dollars of gross
domestic product) 727 627 531 -13.8 -26.9

Table 19. Projected changes in U.S. greenhouse gas emissions, gross domestic product, and greenhouse gas

intensity, 2002-2025



According to the combined emissions projections in

Table 19, the greenhouse gas intensity of the U.S.

economy is expected to decline by nearly 14 percent

between 2002 and 2012, and by 27 percent between

2002 and 2025. The Administration’s goal of reducing

greenhouse gas intensity by 18 percent by 2012 would

require additional emissions reductions of about 394

million metric tons carbon dioxide equivalent.

Although AEO2004 does not include cases that specif-

ically address alternative assumptions about green-

house gas intensity, the integrated high technology

case does give some indication of the feasibility of

meeting the 18-percent reduction target. In the inte-

grated high technology case, which combines the high

technology cases for the residential, commercial,

industrial, transportation, and electric power sec-

tors,carbon dioxide emissions in 2012 are projected to

be 175 million metric tons less than in the AEO2004

reference case. As a result, U.S. greenhouse gas

intensity would fall by almost 16 percent over

the 2002-2012 period, still somewhat short of the

Administration’s goal of 18 percent (Figure 37). An

18-percent decline in intensity is projected to occur by

2014 in the integrated high technology case, as com-

pared with 2016 in the reference case.
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Figure 37. Projected improvement in U.S.

greenhouse gas intensity, 2002-2025 (percent)




